7.7  AIR QUALITY

7.7  AIR QUALITY


TABLE OF CONTENTS

7.7
AIR QUALITY
7.7-1
7.7.1
Summary
7.7-3
7.7.2
Project Location
7.7-4
7.7.3
Description Of Plant Processes
7.7-4
7.7.3.1
Process and Control Equipment Descriptions
7.7-4
7.7.3.2
Process Flow Diagram
7.7-5
7.7.4
Project Data And Configurations
7.7-5
7.7.4.1
Operating Parameters
7.7-5
7.7.4.2
Operating Schedules
7.7-6
7.7.4.2.1
Startup and Shutdown
7.7-6
7.7.4.2.2
Normal Operating Schedules
7.7-7
7.7.4.3
Stack Information
7.7-7
7.7.4.4
Emission Calculations
7.7-8
7.7.4.4.1
Anticipated Annual Emissions
7.7-8
7.7.4.4.2
Maximum Emissions and Data
7.7-8
7.7.4.4.3
HAP Emissions From CTs and HRSGs
7.7-10
7.7.4.4.4
Cooling Tower Emissions
7.7-12
7.7.4.4.5
Emergency Fire Pump
7.7-13
7.7.4.4.6
Startup/Shutdown Emissions
7.7-14
7.7.4.4.7
Emission Calculations for Combined Startup, Shutdown, and Normal Operations
7.7-14
7.7.4.4.8
Construction Emissions
7.7-17
7.7.5
BACT Analysis
7.7-19
7.7.5.1
BACT Summary
7.7-19
7.7.5.2
Location and Description of Pollution Control and Monitoring Equipment
7.7-20
7.7.5.3
Control Technology
7.7-20
7.7.5.3.1
BACT Assessment of NOX Control Technologies
7.7-21
7.7.5.3.2
BACT Assessment of CO Control Technologies
7.7-29
7.7.5.3.3
BACT Assessment of VOC Control Technologies
7.7-36
7.7.5.3.4
BACT Assessment of PM10 Control Technologies
7.7-37
7.7.5.3.5
BACT Assessment of Sulfur Oxide (SOX) Control Technologies
7.7-38
7.7.6
Offsets
7.7-38
7.7.6.1
Emission Offset Requirements
7.7-38
7.7.6.2
Identified Emission Reduction Credits
7.7-39
7.7.7
Existing Air Quality Data
7.7-40
7.7.7.1
Attainment, Nonattainment, and Unclassifiable Area Designations
7.7-41
7.7.7.2
PSD Area Classifications
7.7-42
7.7.8
Dispersion Modeling Analysis
7.7-42
7.7.8.1
Meteorological Analysis
7.7-43
7.7.8.1.1  Temperature, Precipitation and Humidity
7.7-43
7.7.8.1.2  Wind
7.7-44
7.7.8.1.3  Mixing Height
7.7-45
7.7.8.2
Dispersion Modeling Protocol
7.7-45
7.7-467.7.8.3
Cumulative and Background Sources


7.7.8.4
Ambient Air Quality Standards
7.7-46
7.7-467.7.8.5
Dispersion Modeling Results


7.7.8.6
Visibility and Acid Deposition Impacts at Joshua Tree
7.7-50
7.7-517.7.8.7
Construction Impacts


7.7.8.7.1
PM10 Impacts
7.7-51
7.7.8.7.2
NOX, CO, and SO2 Impacts
7.7-51
7.7.8.8
Deposition Modeling
7.7-52
7.7.8.9
Fumigation Analysis
7.7-52
7.7.8.10
Commissioning Impacts
7.7-53
7.7.9
Proposed Conditions Of Certification
7.7-54
7.7.9.1
Conditions Of Certification
7.7-54
7.7-657.7.10
Applicable Requirements


7.7.10.1
LORS
7.7-65
7.7.10.1.1
Federal
7.7-66
7.7.10.1.2
State
7.7-67
7.7.10.1.3
District Requirements
7.7-68
7.7.10.1.4
Conformance of Facility
7.7-70
7.7.11
References
7.7-76
TABLES

Table 7.7-1
BEP II Facility Annual Emission Rates (tons per year)
7.7-3
Table 7.7-2
BEP II Air Emission Sources and Control Equipment Capacity
7.7-4
Table 7.7-3
Nominal Operating Parameters for Combustion and Power Generation Processes1
7.7-5
Table 7.7-4
Operating Parameters for Cooling Tower 
7.7-5
Table 7.7-5
Natural Gas Fuel Characteristics
7.7-6
Table 7.7-6
Startup Duration Duration (minutes)
7.7-6
Table 7.7-7
7.7-7Stack Parameters (NOX and CO Modeling)


Table 7.7-8
Stack Parameters (PM10 and SO2 Modeling)
7.7-7
Table 7.7-9
BEP II Facility Expected Annual Emissions
7.7-8
Table 7.7-10
Maximum Hourly Emission Rates1 (Pounds Per Hour)
7.7-8
Table 7.7-11
Maximum Daily Emission Rates1 (Pounds Per Day)
7.7-9
Table 7.7-12
Maximum Annual Facility Emission Rates By Source (Tons Per Year)
7.7-9
Table 7.7-13
HAP Emission Rates From BEP II CT/HRSGs1 and Emergency Fire Pump2
7.7-10
Table 7.7-13
HAP Emission Rates From BEP II CT/HRSGs1 and Emergency Fire Pump2
7.7-11
Table 7.7-14
Diesel-Fired Emergency Fire Pump Emissions
7.7-13
Table 7.7-15
Emergency Fire Pump Stack/Exhaust Parameters
7.7-13
Table 7.7-16
7.7-14Startup And Shutdown Emissions - Siemens V84.3A (Pounds)


Table 7.7-17
7.7-15Maximum 1, 3, 8, 24 Hour Emissions for CT/HRSGS


Table 7.7-18
7.7-17Maximum Annual Facility Emissions for CT/HRSGs


Table 7.7-19
7.7-18Estimated Construction Emissions


Table 7.7-20
7.7-20BACT Analysis Summary1


Table 7.7-21
NOX BACT Decisions From January 2001 to Present (Ranked Most Stringent to Least Stringent)
7.7-22
Table 7.7-22
CO BACT Decisions From January 2001 to Present (Ranked Most Stringent to Least Stringent)
7.7-30
Table 7.7-23
Combustion Turbine CO BACT Analysis Oxidation Catalyst Reduction
7.7-35
Table 7.7-24
Maximum Annual Offset Emissions (tpy) (California Nonattainment Pollutants)
7.7-39
Table 7.7-25
BEP II ERC Sources
7.7-40
Table 7.7-26
Monitoring Data for Twentynine Palms
7.7-41
Table 7.7-27
Local Air Quality Classifications
7.7-42
Table 7.7-28
Blythe Airport Temperature and Humidity - Climatological Period of Record 1948-2000
7.7-43
Table 7.7-29
Blythe Airport Precipitation - Climatological Period of Record 1948-2000
7.7-44
Table 7.7-30
Desert Rock Monthly Average Mixing Heights (Period of Record 1989-1993)
7.7-45
Table 7.7-31
Ambient Air Quality Standards
7.7-46
Table 7.7-32
Modeled Maximum Ambient Air Impacts Within Analysis Area (BEP II Impacts Only)
7.7-47
Table 7.7-32
Modeled Maximum Ambient Air Impacts Within Analysis Area (BEP II Impacts Only)
7.7-47
Table 7.7-33-A
Modeled Maximum Ambient Air Impacts Within Analysis Area BEP and BEP II Facility Impacts
7.7-48
Table 7.7-33-A
Modeled Maximum Ambient Air Impacts Within Analysis Area BEP and BEP II Facility Impacts
7.7-48
Table 7.7-33-B
Modeled Maximum Ambient Air Impacts Within Analysis Area Cumulative Source Impacts (BEP II, BEP, and SoCal Gas Compressor Station)
7.7-49
Table 7.7-33-B
Modeled Maximum Ambient Air Impacts Within Analysis Area Cumulative Source Impacts (BEP II, BEP, and SoCal Gas Compressor Station)
7.7-49
Table 7.7-33-C
Modeled Maximum Ambient Air Impacts Within Analysis Area CT/HRSG and Cooling Tower Source Impacts (BEP II, BEP)
7.7-50
Table 7.7-34
Visibility Impacts at Joshua Tree National Park
7.7-50
Table 7.7-35
Deposition Impacts at Joshua Tree National Park
7.7-51
Table 7.7-36
Construction Fugitive And Tailpipe PM10 Impacts
7.7-51
Table 7.7-37
7.7-52Construction Tailpipe NOX, CO, and SO2 Impacts


Table 7.7-38
7.7-53BEP II Fumigation Impacts


Table 7.7-39
Proposed BEP II Facility Commissioning NOX, and CO Emissions
7.7-53
Table 7.7-40
Maximum Commissioning NOX, and CO Impacts
7.7-54
Table 7.7-41
7.7-66Air Quality Agencies


Table 7.7-42
7.7-66Schedule of Required Air Permits


Table 7.7-43
Air Quality Summary of LORS
7.7-71
FIGURES

7.7-77Figure 7.7-1
Blythe Energy Project Area


7.7-78Figure 7.7-2
Plant Layout


7.7-79Figure 7.7-3
Blythe Energy Project  Process Flow Diagram


7.7-80Figure 7.7-4
Blythe Windrose 89-93 Annual


7.7-81Figure 7.7-5
Blythe Windrose 89-93 January through March


7.7-82Figure 7.7-6
Blythe Windrose ‘89-‘93 April through June


7.7-83Figure 7.7-7
Blythe Windrose 89-93 July through September


7.7-84Figure 7.7-8
Blythe Windrose 89-93 October through December


7.7-85Figure 7.7-9
NO2 1-Hour Air Quality Impacts


7.7-87Figure 7.7-11
CO 1-Hour Air Quality Impacts


7.7-88Figure 7.7-12
CO 8-Hour Air Quality Impacts


7.7-89Figure 7.7-13
PM10 24-Hour Air Quality Impacts


7.7-90Figure 7.7-14
PM10 Annual Air Quality Impacts


7.7-91Figure 7.7-15
SO2 3-Hour Air Quality Impacts


7.7-92Figure 7.7-16
SO2 24-Hour Air Quality Impacts


7.7-93Figure 7.7-17
SO2 Annual Air Quality Impacts


APPENDICES

Appendix 7.7-A
Emission Calculation Spreadsheets

Appendix 7.7-B
PM10 Source Test Data – St. Francis Power Plant

Appendix 7.7-C
Calculation of PM10 Portion of Drift Emissions

Appendix 7.7-D
Fugitive PM10 Emission Calculation Spreadsheets

Appendix 7.7-E
Construction Tailpipe PM10 Emission Calculation Spreadsheets

Appendix 7.7-F
NOX BACT Analysis: SCONOX
Appendix 7.7-G
Ambient Ozone Trends Around Blythe

Appendix 7.7-H
Dispersion Modeling Analysis Modeling Protocol

Appendix 7.7-I
BPIP Input and Output Files

Appendix 7.7-J
CALPUFF Analysis

Appendix 7.7-K
PM10 Modeling Analysis Input Files

Appendix 7.7-L
NOX, CO, SO2 Modeling Analysis Input Files

Appendix 7.7-M
Fumigation Modeling Analysis Output Files

Appendix 7.7-N
BEP II Commissioning Schedule

Appendix 7.7-O
MDAQMD Authority to Construct Application Forms

7.7 AIR QUALITY

The Blythe Energy Project Phase II (hereinafter referred to as BEP II) is a nominally rated 520 MW combined cycle power plant.  The proposed project will be located adjacent to the Blythe Energy Project (hereinafter referred to as BEP) previously licensed by the California Energy Commission (CEC) on March 21, 2001
.  BEP II essentially duplicates BEP and consists of two (2) Siemens Westinghouse V84.3A 170 megawatt (MW) combustion turbine generators (CTs), one (1) 180 MW steam turbine generator, and supporting equipment.  BEP II requires no off-site linear facilities and will interconnect on-site with existing BEP approved transmission and natural gas pipelines.

BEP II is located entirely within the site boundary of the Expansion site currently being processed by the CEC as an amendment to BEP
.  The BEP II power island is located approximately 600 feet south and 800 feet west of the BEP power island.  BEP facilities may be expanded to serve BEP II and include the groundwater supply, fire protection facilities, and site access roads.  Natural gas will be supplied to the BEP II plant by the El Paso natural gas pipeline interconnection being constructed as part of the approved BEP.

BEP will be electrically interconnected to the existing Western Area Power Administration (Western) Buck Boulevard Substation, located at the northeastern corner of the BEP site.  This interconnection will include addition of additional breaker positions within the Buck Boulevard Substation.

BEP II will construct and operate one additional groundwater pumping well for its water supply and will construct one additional evaporation pond south of the proposed BEP II power island to accommodate the project wastewater discharge.  Site drainage will be provided by the BEP drainage facilities.

Although the two facilities will be under separate ownership, BEP II will be considered a “major modification” of BEP with regard to air quality regulations due to the shared infrastructure of the two projects.  A Final Determination of Compliance (FDOC) from the Mojave Desert Air Quality Management District (MDAQMD), siting certification from the CEC, and a Prevention of Significant Deterioration (PSD) permit from the United States Environmental Protection Agency (USEPA), Region IX has been issued to BEP.

As part of its overall air quality licensing process, BEP II is required to receive an FDOC from the MDAQMD, siting certification from the CEC, and a PSD permit from the USEPA, Region IX.  Blythe Energy has prepared this document for the CEC certification for BEP II and also to serve as part of application requirements for a FDOC through MDAQMD.  This section contains equipment and process descriptions, emission estimations, air quality analyses, control technologies assessments, and other items as specified by the MDAQMD and CEC permit requirements.

7.7.1
Summary
BEP II will be located in an area that is designated as “unclassified/attainment” for all criteria pollutants for federal standards.  With regard to California standards, the area is designated as nonattainment for ozone (O3) and particulate matter greater than ten microns in diameter (PM10) and attainment or unclassified for all other criteria pollutants.  

BEP II total annual emissions are presented in Table 7.7-1.  BEP II will be considered as a major modification to the existing major stationary source (BEP) for nitrogen oxides (NOX), carbon monoxide (CO), and PM10.  As a result of the increase in volatile organic compounds (VOC) and sulfur dioxides (SOX) emissions and when added to the estimated quantities from BEP, the Blythe Energy Project is now a designated major source for these pollutants as well.  As NOX is considered a precursor for both ozone and PM10, SOX as a precursor to PM10, and as VOC is considered a precursor for ozone, MDAQMD rules require the purchase of emission reduction credits (ERCs) to offset emissions of NOX, VOC, SOX, and PM10.

	TABLE 7.7-1

BEP II Facility Annual Emission Rates (tons per year)

	
	NOX
(tpy)
	CO

(tpy)
	VOC

(tpy)
	SOX
(tpy)
	PM10
(tpy)

	Total Annual Emissions
	191
	291
	24
	24
	56

	MDAQMD Major Source Threshold Annual Emission Rate
	25
	100
	25
	25
	15


Based on 8760 hours of operation at average ambient temperature of 59(F and including 10 cold, 50 warm, and 100 hot starts and 160 shutdowns and weekly operational testing of emergency fire pump.

The air quality impact analyses presented herein consider both normal and startup/shutdown operating schedules for the CT and heat recovery steam generator (HRSG) processes at BEP II.  Normal operations are defined as those where the CTs are operating above 70 percent load.  Normal operations also include duct firing, which may be employed once the CTs reach 100% load.  Startup and shutdown conditions include loads from 0 to 100 percent.  Types of startups will include hot, warm and cold.

Emission limits and associated emission control technologies have been evaluated relative to California’s Best Available Control Technology (BACT) requirements.  BACT for NOX emissions from the CT/HRSG during normal operating conditions is proposed at 2.5 ppmvd, accomplished by the use of a selective catalytic reduction (SCR) system. BACT for CO emissions is proposed to be 5 ppmvd for loads between 80 and 100%, and 8.4 ppmvd when loads are between 70 and 80 %, and with duct firing.  BACT for VOC emissions is proposed to be 1 ppmvd.  BACT for PM10 and SOX is achieved through the use of low-sulfur pipeline quality natural gas.

The results of the air quality impact analysis demonstrate that this facility will not cause exceedance of any ambient air quality standards. 

The data and analyses presented in this section will demonstrate that BEP II when constructed and operated under the proposed design conditions, will comply with all applicable district, state, and federal air regulations.

7.7.2
Project Location 
BEP II is located approximately five miles west of Blythe, California in Riverside County.  See Figure 7.7-1.

7.7.3
Description Of Plant Processes 
The nominal capacity of BEP II is 520 MW.

The primary processes at BEP II will consist of the following equipment:

· Two Siemens/Westinghouse V84.3A CTs

· Two supplementally fired HRSGs

· One steam turbine generator unit

The support processes at BEP II consist of the following equipment:

· One Cooling Tower for the steam turbine 

· 
· One 303 horsepower diesel emergency fire pump

· Main transformers

· Other ancillary equipment

Figure 7.7-2 presents the emission points and plant layout for BEP and BEP II.  The turbine generators will be powered by pipeline-quality natural gas that will be delivered to the facility from existing pipelines located in the area.

7.7.3.1
Process and Control Equipment Descriptions 

Table 7.7-2 lists the air emission sources and air pollution control equipment to be used at the BEP II. 

	TABLE 7.7-2

BEP II Air Emission Sources and Control Equipment 

	Equipment Name
	Design
	Capacity

(per unit)
	Units
	Equipment Type

	Combustion Turbines (2 each)
	V84.3A
	170
	MW
	Turbine

	Duct Firing – HRSG (2 each)
	
	1321
	MMBTU/hr
	Boiler

	Cooling Tower (1 each)
	
	146,000
	gpm
	Wet (evaporative)

	SCRs (2 each)
	
	
	
	Catalyst


1  Value represents maximum capacity of the equipment over expected ambient temperatures at BEP II.
7.7.3.2
Process Flow Diagram 

Figure 7.7-3 presents a simplified process flow diagram for the combined cycle power plant.

7.7.4
Project Data And Configurations 
7.7.4.1
Operating Parameters 

Tables 7.7-3 and 7.7-4 present the proposed operating parameters of the major equipment associated with the BEP II.  BEP II CT/HRSGs are identified throughout this document as CT/HRSGs three and four, respectively, to avoid confusion with BEP CT/HRSGs which were identified as CT/HRSGs one and two.  Table 7.7-5 presents the natural gas characteristics for the natural gas to be used by BEP II.

	TABLE 7.7-3

Nominal Operating Parameters for Combustion and Power Generation Processes1

	Process
	Heat Input (HHV)
	Natural Gas Usage 2

	
	MMBtu/hr
	MMBtu/yr
	MMscf/hr
	MMscf/yr

	Each CT
	1,628
	14,259,000
	1.722
	15,081

	Each HRSG (duct firing)
	108
	944,000
	0.114
	999


HHV – high heat value


MMBtu – million British Thermal Units

MMscf – million standard cubic feet
1  Hourly and annual rates based on 59ºF ambient temperature.  Annual rates assume 8760 hours of continuous operation at 100 percent load for the CT and 100 percent duct firing.

2  Natural gas usage based on a natural gas heat content of 945.5 BTU/scf (LHV).

	TABLE 7.7-4

Operating Parameters for Cooling Tower 

	Process
	Water Circulation Rate
	Total Dissolved Solids
	Drift Rate

	
	Gal/hr
	Gal/yr
	mg/l
	Percent1

	Cooling Tower
	8.76+06
	7.67E+10
	8,190
	0.0006


Gal/hr – gallons per hour


mg/l – milligrams per liter

1 Expressed as percent of the circulating water rate that is emitted to the atmosphere.

	TABLE 7.7-5

Natural Gas Fuel Characteristics

	Component
	Percent

	C6+
	0.0028

	CO2
	1.288

	Ethane
	1.1316

	i-Butane
	0.0174

	i-Pentane
	0.0095

	Methane
	93.03

	n-Butane
	0.0265

	n-Pentane
	0.0076

	Nitrogen
	0.619

	Propane
	0.1328

	Specific Gravity
	0.5784

	Dry BTU
	1008.3

	Sulfur Content
	<0.5 grains per 100 dscf (12 month rolling avg)


Source: Southern California Gas Company – Natural Gas Components, Blythe Area, 6-month Historical Average, July – December 1999

Dscf – standard cubic feet (dry)

7.7.4.2
Operating Schedules

7.7.4.2.1  Startup and Shutdown 

During normal operation, the plant will start up and shut down periodically.  The amount of time that units are shut down defines whether the subsequent startup is a cold, warm, or hot start (i.e. the longer it is shut down, the colder the temperature of the equipment).  The duration of the individual cold, warm, and hot starts and outage times that define each type of startup for each CT are shown on Table 7.7-6.  This table also shows the shutdown duration for each CT.

The startup times shown for CT3 and CT4 result from the sequence of the startup where the startup sequence is initialized with CT3.  If the startup sequence is initialized with CT4, then the startup times shown on Table 7.7-6 will be switched.

	TABLE 7.7-6

Startup Duration 

	Condition
	Duration (minutes)
	Minimum Outage Time (hours)
	Maximum Outage Time (hours)

	
	CT3
	CT4
	CT3
	CT4
	CT3
	CT4

	Cold
	221
	186
	48
	48
	>48
	>48

	Warm
	121
	89
	8
	8
	48
	48

	Hot
	74
	64
	0
	0
	8
	8

	Shutdown
	30
	30
	NA
	NA
	NA
	NA


7.7.4.2.2  Normal Operating Schedules 

The CTs will be assumed to be operating at normal loads whenever they are not in startup or shutdown.  Normal loads are defined as CT loads from 70 to 100 percent, plus duct firing.  The only time the CTs will be below 70 percent load will be during startups or shutdowns.

7.7.4.3  Stack Information 

The data presented in Table 7.7-7 and 7.7-8 represent those conditions of the two CT/HRSG designs that resulted in the highest ambient impacts.  Since startup emissions were combined with normal emissions for the NOX and CO dispersion model emission rates, it was assumed that stack exhaust parameters at 60 percent load would simulate startup exhaust characteristics and represent the worst case for modeling these emissions.

	TABLE 7.7-7

Stack Parameters (NOX and CO Modeling) 

	Stack
	Modeling ID Number
	Height

(meters)
	Temp

(K)
	Velocity

(m/s)
	Diam

(m)

	  CT/HRSG #3
	2001
	39.62
	366
	13.74
	5.64

	  CT/HRSG #4
	2002
	39.62
	366
	13.74
	5.64

	  Fire Pump
	2003
	9.14
	796
	59.55
	0.13


In the original BEP analysis it was determined that the worst case PM10 and SO2 impacts occurred at 100 percent load.  Therefore these pollutants were modeled at the minimum 100 percent exhaust velocity which is presented in Table 7.7-7.  In addition this table presents the stack data that were used for modeling the Cooling Tower PM10 impacts.

	TABLE 7.7-8

Stack Parameters (PM10 and SO2 Modeling) 

	Stack
	Modeling ID Number
	Height

(m)
	Temp

(K)
	Velocity

(m/s)
	Diam

(m)

	CT/HRSG #3
	2001
	39.62
	366
	18.95
	5.64

	CT/HRSG #4
	2002
	39.62
	366
	18.95
	5.64

	Fire Pump
	2003
	9.14
	796
	59.55
	0.13

	Cooling Tower
	2004 - 2011
	12.19
	309.4
	8.06
	10.07



7.7.4.4
Emission Calculations 

7.7.4.4.1  Anticipated Annual Emissions

Table 7.7-9 presents the expected annual emissions that BEP II related equipment will contribute to the BEP.  Expected annual emissions are calculated from the expected annual operations and average ambient conditions.  BEP II annual emissions have been estimated using 8,760 hours per year.  The average ambient temperature at the BEP location is 59(F.

	TABLE 7.7-9

BEP II Facility Expected Annual Emissions

	
	NOX
(tpy)
	CO

(tpy)
	VOC

(tpy)
	SOX
(tpy)
	PM10
(tpy)

	Total Annual Emissions
	191
	291
	24
	24
	56

	MDAQMD Major Source Threshold Annual Emission Rate
	25
	100
	25
	25
	15


Based on 8760 hours of operation at average ambient temperature of 59(F and including 10 cold, 50 warm, and 100 hot starts and 160 shutdowns and weekly operational testing of emergency fire pump.

7.7.4.4.2  Maximum Emissions and Data 

Estimated criteria pollutant emissions representing combined normal and startup emissions for each source at BEP II are presented in Tables 7.7-10, 7.7-11, and 7.7-12.  Emission calculation spreadsheets are presented in Appendix 7.7-A.

	TABLE 7.7-10

Maximum Hourly Emission Rates1 (Pounds Per Hour)

	Source
	NOX
	CO
	VOC
	PM10
	SO2

	CT/HRSG #3 
	281
	147
	7.70
	6.0
	2.7

	CT/HRSG #4 
	281
	147
	7.70
	6.0
	2.7

	Fire Pump
	7.45
	0.65
	0.64
	0.053
	0.10

	Cooling Tower (8 cells)
	-
	-
	-
	0.67
	-

	Evaporative Condenser (7 – 12 cells)
	-
	-
	-
	0.11
	-

	Facility Total
	569
	295
	16.0
	12.7
	5.5


1  Assumes 1 hot start  for NOX, CO, and VOC, and normal operations for PM10, and SO2.

Emissions from each CT is an average value of the calculated total emissions

	TABLE 7.7-11

Maximum Daily Emission Rates1 (Pounds Per Day)

	Source
	NOX
	CO
	VOC
	PM10
	SO2

	CT/HRSG #3 
	2,881
	1,904
	119.5
	144
	65

	CT/HRSG #4 
	2,881
	1,904
	119.5
	144
	65

	Fire Pump
	7.45
	0.65
	0.64
	0.053
	0.10

	Cooling Tower (8 cells)
	-
	-
	-
	16.1
	-

	Evaporative Condenser (7 - 12 cells)
	-
	-
	-
	2.54
	-

	Facility Total
	5,769
	3,809
	240
	304
	130


1  Assumes 5 hot starts and 1 cold start per day for NOX, CO, and VOC, and normal operations for PM10, and SO2.

Emissions from each CT is an average value of the calculated total emissions

Emissions of NOX, CO, PM10, and VOC (as methane) for both CT/HRSGs are based on data that were provided by the respective vendors.  These data include both normal and startup/shutdown data and are presented in Appendix 7.7-A.  Annual emissions of NOX (191 tpy) are lower than the amount permitted for BEP (202 tpy).  This is because originally, eight hours of shutdown were assumed to precede every warm start; for BEP II, a more realistic amount of shutdown time preceding a warm start was assumed, i.e., 24 hours.  The extra 16 hours of shutdown for each of the 50 warm starts results in a lower annual quantity of NOX emissions.  Due to updated data received from the manufacturer since the BEP AFC, annual emissions of CO (291 tpy) are lower than the amount permitted for BEP (306 tpy).  The calculations for these emission rates are presented in Section 7.7.4.4.4.  Updated manufacturer data are presented in Appendix 7.7-A.

Regarding PM10 emissions from the CT/HRSGs, the hourly rate (6 lb/hr), is lower than the amount estimated and permitted for BEP (11.5 lb/hr).  The 6 lb/hr value (front and back-half PM10) is based on recent test data from a similar Siemens/Westinghouse V84.3A combined cycle unit at the St. Francis Power Plant in Campbell, Missouri.   Pertinent portions of the third-party test report for this facility are included in Appendix 7.7-B.  The St. Francis test data has only recently become available and, as such, was not evaluated in the BEP AFC.  Consequently, annual PM10 emission rate for BEP II is proportionately lower than BEP.  SO2 emissions are based on assumed natural gas sulfur content of 0.5 grains per 100 dry standard cubic feet.

	TABLE 7.7-12

Maximum Annual Facility Emission Rates By Source (Tons Per Year)

	
	NOX
	CO
	VOC
	PM10
	SO2

	CT/HRSG #3 
	95.5
	145.5
	12
	26.3
	11.8

	CT/HRSG #4 
	95.5
	145.5
	12
	26.3
	11.8

	Fire Pump
	0.12
	0.15
	0.01
	0.02
	0.01

	Cooling Tower (8 cells)
	-
	-
	-
	2.94
	-

	Facility Total
	191
	291
	24
	56
	24


Assumes 100 hot starts, 50 warm starts, and 10 cold start per day for NOX, and normal operations for CO, and VOC, PM10, and SO2.

Emissions from each CT is an average value of the calculated total emissions 200 hours per year of operation assumed for fire pump

7.7.4.4.3  HAP Emissions From CTs and HRSGs 

Table 7.7-13 presents the emission rates of hazardous air pollutants (HAPs) from the BEP II CTs, HRSGs, and the diesel emergency fire pump.  HAP emissions were calculated using emission factors presented in AP-42, Section 3.1 (Stationary Gas Turbines), AP-42, Section 1.4 (Natural Gas Combustion), and AP-42, Section 3.3 (Diesel Industrial Engines).  The total hourly and annual emission rates represent the combined emissions from both CT/HRSGs/fire pump of BEP II.  In addition, the combined HAP emissions from BEP and BEP II are presented.  Table 7.7-11 indicates which AP-42 sections are applicable for each compound presented.  In cases where both Sections 1.4 and 3.1 apply, the calculated emission totals were summed.  MDAQMD Rule 222(B)13 defines a threshold for a “Major Facility” as a facility that emits 10 tons per year of any federally listed HAP or 25 tons per year for any combination of federally listed HAPs.  Table 7.7-13 presents the total HAP emissions for BEP II and for BEP/BEP II.  Neither BEP II or the combined BEP/BEP II facility exceed HAP threshold limits and therefore is not classified as a “Major Facility” based on HAP emissions.

	TABLE 7.7-13

HAP Emission Rates From BEP II CT/HRSGs1 and Emergency Fire Pump2

	Pollutant
	AP-42 CT3
	AP-42 HRSG4
	CAS Number
	Maximum Emissions Pounds/Hour
	Maximum Emission Tons/Year

	BEP II CT/HRSGs (2 each)
	
	
	
	
	

	1,3-Butadiene
	(
	
	106-99-0
	1.5E-03
	6.7E-03

	Acetaldehyde
	(
	
	75-07-0
	1.4E-01
	6.2E-01

	Acrolein
	(
	
	107-02-8
	2.3E-02
	1.0E-01

	Ammonia5
	
	
	7664-41-7
	6.5E-01
	2.8E+02

	Benzene
	(
	(
	71-43-2
	4.3E-02
	1.9E-00

	Ethylbenzene
	(
	
	100-41-4
	1.1E-01
	5.0E-01

	Formaldehyde6
	-5
	-5
	50-00-0
	6.8E-01
	3.0E+00

	Hexane
	
	(
	110-54-3
	5.0E-01
	2.2E+00

	Naphthalene
	(
	(
	91-20-3
	4.6E-03
	2.0E-02

	PAH/ Benzo(a)pyrene equivalent7
	(
	
	--
	7.8E-03
	3.4E-02

	Propylene Oxide
	(
	
	75-56-9
	1.0E-01
	4.5E-01

	Toluene
	(
	(
	108-88-3
	4.6E-01
	2.0+E00

	Xylene (Total)
	(
	
	1330-20-7
	2.3E-01
	1.0E+00

	Total BEP II CT/HRSGs
	
	
	
	2.3E+00
	1.0E+01

	BEP II Emergency Fire Pump (1)
	
	
	
	
	

	1,3-Butadiene
	
	
	106-99-0
	8.2E-05
	2.14E-06

	Acetaldehyde
	
	
	75-07-0
	1.6E-03
	4.20E-05

	Acrolein
	
	
	107-02-8
	2.0E-04
	5.07E-06

	Benzene
	
	
	71-43-2
	2.0E-03
	5.11E-05

	Formaldehyde
	
	
	50-00-0
	2.5E-03
	6.46E-05

	Naphthalene
	
	
	91-20-3
	1.8E-04
	4.65E-06

	PAHs
	
	
	--
	3.5E-04
	9.20E-06

	Toluene
	
	
	108-88-3
	8.6E-04
	2.24E-05

	Xylenes
	
	
	1330-20-7
	6.0E-04
	1.56E-05

	Total BEP II Emergency Fire Pump
	
	
	
	8.3E-03
	2.2E-04

	Total BEP II HAP Emissions8
	
	
	
	2.3
	10

	Total BEP/BEP II HAP Emissions8
	
	
	
	4.6
	20


1 Assumes 8760 hours per year of maximum normal operation for BEP II CT/HRSGs.

2 Assumes 52 hours per year of maximum normal operation for BEP II emergency fire pump.

3 HAP listed compound Section 3.1, AP-42; Stationary Gas Turbines.  Updated 4/00.

4 HAP listed compound Section 1.4, AP-42; Natural Gas Combustion.  Updated 7/98.

5 Ammonia is not a listed AP-42 HAP, but is included in human health risk assessment.

6 Based on manufacturer’s test data; emission factor of 0.33 lb/hr per unit

7 PAH/Benzo(a)pyrene equivalent represent conservative assessment of most sensitive PAH risk.

8 Ammonia is not an AP-42 listed HAP and is not included in HAP sum totals

	TABLE 7.7-13

HAP Emission Rates From BEP II CT/HRSGs1 and Emergency Fire Pump2

	Pollutant
	AP-42 CT3
	AP-42 HRSG4
	CAS Number
	Maximum Emissions Pounds/Hour
	Maximum Emission Tons/Year

	BEP II CT/HRSGs (2 each)
	
	
	
	
	

	1,3-Butadiene
	(
	
	106-99-0
	1.5E-03
	6.7E-03

	Acetaldehyde
	(
	
	75-07-0
	1.4E-01
	6.2E-01

	Acrolein
	(
	
	107-02-8
	2.3E-02
	1.0E-01

	Ammonia5
	
	
	7664-41-7
	6.5E-01
	2.8E+02

	Benzene
	(
	(
	71-43-2
	4.3E-02
	1.9E-00

	Ethylbenzene
	(
	
	100-41-4
	1.1E-01
	5.0E-01

	Formaldehyde6
	-5
	-5
	50-00-0
	6.8E-01
	3.0E+00

	Hexane
	
	(
	110-54-3
	5.0E-01
	2.2E+00

	Naphthalene
	(
	(
	91-20-3
	4.6E-03
	2.0E-02

	PAH/ Benzo(a)pyrene equivalent7
	(
	
	--
	7.8E-03
	3.4E-02

	Propylene Oxide
	(
	
	75-56-9
	1.0E-01
	4.5E-01

	Toluene
	(
	(
	108-88-3
	4.6E-01
	2.0+E00

	Xylene (Total)
	(
	
	1330-20-7
	2.3E-01
	1.0E+00

	Total BEP II CT/HRSGs
	
	
	
	2.3E+00
	1.0E+01

	BEP II Emergency Fire Pump (1)
	
	
	
	
	

	1,3-Butadiene
	
	
	106-99-0
	8.2E-05
	2.14E-06

	Acetaldehyde
	
	
	75-07-0
	1.6E-03
	4.20E-05

	Acrolein
	
	
	107-02-8
	2.0E-04
	5.07E-06

	Benzene
	
	
	71-43-2
	2.0E-03
	5.11E-05

	Formaldehyde
	
	
	50-00-0
	2.5E-03
	6.46E-05

	Naphthalene
	
	
	91-20-3
	1.8E-04
	4.65E-06

	PAHs
	
	
	--
	3.5E-04
	9.20E-06

	Toluene
	
	
	108-88-3
	8.6E-04
	2.24E-05

	Xylenes
	
	
	1330-20-7
	6.0E-04
	1.56E-05

	Total BEP II Emergency Fire Pump
	
	
	
	8.3E-03
	2.2E-04

	Total BEP II HAP Emissions8
	
	
	
	2.3
	10

	Total BEP/BEP II HAP Emissions8
	
	
	
	4.6
	20


7.7.4.4.4  Cooling Tower Emissions 
A mechanical draft cooling tower is required to provide the necessary cooling exchange to condense steam for the steam turbine. The location of the tower is as shown in the site arrangement in Figure 7.7-2.

The cooling tower uses direct contact between circulating water and ambient air to cool process water.  This results in an increase in both the temperature and moisture content of the air passing through the equipment.  Entrained liquid droplets in the exhaust air, known as “drift,” may be carried out of the tower through the exhaust fan duct.  Following evaporation of the water droplets, dissolved solids present in the drift may be classified as PM emissions. 

 SEQ CHAPTER \h \r 1Cooling tower emissions were estimated based on emission calculation procedures found in Section 13.4 of AP-42.  These procedures were modified to account for the highly efficient cooling tower drift eliminators, which limit escaping water particles to 0.0006 percent of the circulating water rate.  These drift eliminators minimize cooling tower mist and associated PM drift from the cooling tower and represent a significant increase in the control of these emissions over standard mist eliminators typically specified.   The procedure was also modified to account for the fact that, even after complete evaporation, not all of the cooling tower PM is small enough to be considered PM10.  An analysis of drift PM to determine the fraction that is PM10 is presented in Appendix 7.7-C.

As discussed in Appendix 7.7-C, cooling tower drift test data for wet particle size distribution were obtained.  Using the drift particle size distribution, water total dissolved solids (TDS), and density of the dissolved solids, the fraction of PM emissions that are PM10 can be calculated.  The results of this analysis are that, for the cooling tower (worst-case TDS = 4,000 ppmw), 38.3  percent of the PM are PM10. 

Using the operating data for the cooling tower in Table 7.7-4, the total PM and PM10 emissions from the tower are calculated as follows:

	Flow Rate
	
	
	
	Drift Rate
	
	PM
	
	
	
	
	

	146,000 gal
	x
	8.34 lb H2O
	x
	0.0006 lb drift
	x
	4,000 lbs
	x
	60 min
	=
	1.8
	lb

	minute
	
	gal
	
	100 lb H2O
	
	106 lb drift
	
	hr
	
	
	hr


Therefore, PM10 = 0.383 x 1.8 lb/hr = 0.67 lb/hr


	
	
	
	
	
	
	
	
	
	
	
	

	
	
	
	
	
	
	
	
	
	
	
	

	
	
	
	
	
	
	
	
	
	
	
	



Note that this emission rate is slightly higher than what was calculated for BEP, as the BEP calculations were performed at the maximum expected TDS levels for the cooling tower, rather than at 4,000 ppm, the value that results in the theoretical maximum amount of PM10.

7.7.4.4.5  Emergency Fire Pump

A diesel-fired 303-horsepower fire pump will be located on the facility for emergency situations. The pump will be tested for a one-hour period once per week.  Although a specific vendor has not been selected, the Caterpillar Model 3306B is typical type of pump that will be used and will represent an engine that is certified to meet Non-Road Tier 1 Standards.  This model uses approximately 14.5 gallons of diesel fuel per hour, has direct injection, and is turbo charged.  Calculated emissions from this unit are presented in Table 7.7-14 and are based on emission factors that represent BACT in MDAQMD for emergency internal combustion generators.  BEP II atmospheric modeling and impact analysis was conducted using a fire pump with stack and exhaust parameters presented in Table 7.7-15.  Appendix 7.7-A contains fire pump emission sample calculations.

	TABLE 7.7-14

Diesel-Fired Emergency Fire Pump Emissions

	Pollutant
	Emission Factor

(g/hp-hr)
	Emission Rate (lb/hr)
	Annual Emissions (tpy)

	NOX
	6.9
	4.61
	0.12

	CO
	8.5
	5.68
	0.15

	PM10 
	0.38
	0.25
	0.01

	VOC
	1.0
	0.67
	0.02


SO2 emissions controlled through diesel fuel requirements of maximum sulfur content of 0.05% by weight.

g/hp-hr – grams per horsepower hour

	TABLE 7.7-15

Emergency Fire Pump Stack/Exhaust Parameters

	Configuration
	Height

(m)
	Temperature

((K)
	Velocity

(m/sec)
	Diameter

(m)

	Fire Pump Stack
	3.0
	973
	495
	0.13


m – meters


m/sec – meters per second

(K – degrees Kelvin 

7.7.4.4.6  Startup/Shutdown Emissions 

Tables 7.7-16 presents emission rates and durations for cold, warm, and hot startups and for shutdowns.

	TABLE 7.7-16

Startup And Shutdown Emissions - Siemens V84.3A (Pounds)

	
	
	NOX
	CO
	VOC
	SO2
	PM10
	Duration (minutes)

	CT3
	Cold Start
	376
	403
	20
	8
	22
	221

	
	Warm Start
	278
	253
	12
	4
	12
	121

	
	Hot Start
	260
	172
	9
	3
	7
	74

	
	Shutdown
	170
	48
	4
	1
	3
	30

	CT4
	Cold Start
	341
	349
	17
	6
	19
	186

	
	Warm Start
	246
	204
	10
	3
	8
	89

	
	Hot Start
	247
	157
	8
	2
	6
	64

	
	Shutdown
	170
	48
	4
	1
	3
	30


7.7.4.4.7
Emission Calculations for Combined Startup, Shutdown, and Normal Operations

In order to determine maximum emissions of each criteria pollutant for the various ambient impact averaging periods, it was necessary to examine various startup scenarios in combination with shutdown and normal operations.  Maximum emissions from the Siemens CTs were selected, based on the specific scenario.  To be conservative, it was assumed that both CTs would be in startup simultaneously during any of the averaging periods.  Note that in some cases, the maximum modeled emissions are higher than proposed permit limits.  It is assumed that as long as the modeled emission rate is equal to or greater than the proposed emission limit, and the modeling results show no significant impacts (i.e., no standards are impacted), that the analysis is conservative and it is not necessary to perform additional modeling iterations. 
A summary of the one, three, eight, and twenty-four hour emission averages is shown on Table 7.7-17.

	TABLE 7.7-17

Maximum 1, 3, 8, 24 Hour Emissions for CT/HRSGS 

	Pollutant
	Average Period
	Unit
	Emissions1
	Cold Start Freq
	Warm Start Freq
	Hot Start Freq

	
	
	
	(lb/hr)
	(g/s)
	
	
	

	NOX (as NO2)
	1-hour
	3
	280.59
	35.39
	0
	0
	1

	
	
	4
	280.59
	35.39
	0
	0
	1

	
	24-hour
	3
	160.25
	20.21
	1
	0
	5

	
	
	4
	160.25
	20.21
	1
	0
	5

	CO
	1-hour
	3
	119.66
	15.09
	0
	0
	1

	
	
	4
	119.66
	15.09
	0
	0
	1

	
	8-hour
	3
	112.69
	14.21
	1
	0
	1

	
	
	4
	112.69
	14.21
	1
	0
	1

	SO22
	1, 3, and 24-hour
	3
	2.68
	0.34
	0
	0
	0

	
	
	4
	2.68
	0.34
	0
	0
	0

	PM102
	24-hour
	3
	6.00
	0.76
	0
	0
	0

	
	
	4
	6.00
	0.76
	0
	0
	0


lb/hr – pounds per hour


g/s – grams per second

1  Although calculated emissions for CT3 and CT4 were slightly different on account of different startup emissions, the average of the calculated values are applied to both CTs. 

2  Maximum emission rate occurs during normal operations.

One-hour Maximums 

One-hour maximum emission rates are required to assess NOX, CO, and SO2 ambient impacts.  The maximum hourly NOX emissions and maximum hourly CO emissions occur during hot starts. Shutdown emissions would have lower one-hour emissions of NOX, CO, and SO2 than startup.

Since all startup periods are longer than one hour, no combination of startup, shutdown, or normal emissions was necessary to calculate one-hour maximums.  Only the startup emissions were used to calculate maximum one-hour impacts for NOX and CO.  A sample calculation has been provided in Appendix 7.7-A.

Maximum SO2 emissions would occur during normal operations rather than startups.

Three-hour Maximums 

Three-hour maximum emission rates are required to assess sulfur dioxide (SO2) ambient impacts.  The startup emissions of SO2 are actually lower than the normal SO2 emissions.  Therefore, the normal SO2 emissions were used to assess the maximum three-hour impacts.

Eight-hour Maximums 

Eight-hour maximum emission rates are required to assess CO ambient impacts.  As this period is longer than any of the startup periods, it was necessary to examine all possible combinations of startups, shutdowns and normal operations.

Because of the minimum outage periods required for cold and warm starts, only a single cold or warm start could be expected during any eight-hour period.  For hot starts it was determined that as many as two hot starts or a hot start combined with a cold or warm start, could occur within an eight-hour period.

After examining these various combinations it was determined that a cold start combined with a hot start would result in the maximum emissions.  A sample calculation has been provided in Appendix 7.7-A.

Twenty Four-hour Maximums 

Twenty four-hour maximum emission rates are required to assess SO2 and PM10 ambient impacts.  The startup emissions of SO2 and PM10 are lower than the normal SO2 and PM10 emissions.  Therefore, normal SO2 and PM10 emissions were used to assess the maximum twenty four-hour impacts.

A maximum NOX twenty four-hour emission rate was required for the Class I deposition and visibility modeling.  For this value it was determined that one cold start and one hot start combined with maximum normal emissions for the remainder of the period would result in the maximum emissions.

Annual Maximums 

Annual maximum emission rates are required to assess NOX and PM10 ambient impacts.  In addition, it is necessary to evaluate annual emissions of VOC and SO2 to assess offset applicability and requirements.  In order to calculate maximum annual emissions, it is necessary to evaluate the various combinations of the constants and variables shown below for each CT.  Annual totals of 10 cold starts, 50 warm starts and 100 hot starts were assumed.

Constants

· ESc,w,h
Startup Emission Rate for Cold, Warm, and Hot Starts, respectively (lb/hr)

· ED

Shutdown Emission Rate (lb/hr)

· EN

Normal Emission Rate (lb/hr)

· TSc,w,h
Startup Duration for Cold, Warm, and Hot Starts (hr), respectively

· TD

Shutdown Duration (hr)

Independent Variables

· FSc,w,h
Startup/Shutdown Frequency for Cold, Warm, and Hot Starts

· OSc,w,h
Outage Time for Cold, Warm, and Hot Starts, respectively (hr)

Dependent Variables

· ASc,w,h

Annual Startup Emissions (lb/hr) for Cold, Warm, and Hot Starts

· ADc,w,h
Annual Shutdown Emissions (lb/hr) for Cold, Warm, and Hot Starts

· AN

Annual Normal Emissions (lb/hr)

· AT

Total Annual Emissions (lb/hr)

The following equations were used for calculating total annual emissions:

· ASc,w,h = ESc,w,h * TSc,w,h * FSc,w,h
· ADc,w,h = ED * TD * (FSc + FSw + FSh)

· AN = EN * (8760 - ((TSc,w,h * FSc,w,h) + (TD * (FSc + FSw + FSh)) + (OSc,w,h * FSc,w,h))

· AT = ASc,w,h + ADc,w,h + AN
It is necessary to include outage time in the calculations since the occurrence of a cold, warm, or hot startup event implies a period of time when the facility is not operating.  Depending on the frequency of startups, the total outage time is subtracted from normal operating time.

Summaries of the maximum emissions for BEP II compounds that exceed air quality standards are presented in Table 7.7-18.  The analysis indicates that warm and hot startup and associated shutdown events have the potential to increase annual emissions of NOX above the levels that would result from continuous operation at maximum loads.  A sample calculation has been provided in Appendix 7.7-A.  (Note that for conservatism, the NOX and PM10 emission values used in the dispersion modeling analysis are even higher than the maximum calculated values.)

	TABLE 7.7-18

Maximum Annual Facility Emissions for CT/HRSGs 

	Pollutant
	Emissions

(tpy)
	Cold Start Outage

(hr)
	Warm Start Outage

(hr)
	Hot Start Outage

(hr)
	Cold Start Freq
	Warm Start Freq
	Hot Start Freq

	NOX
	191
	48
	24
	0
	10
	50
	100

	SO2
	23.6
	-
	-
	-
	0
	0
	0

	PM10
	52.6
	-
	-
	-
	0
	0
	0


Maximum annual emissions of CO, VOC, SO2 and PM10 occur during normal operation at 100% load.  Emissions of these pollutants are decreased by startups and shutdowns regardless of startup schedules.

7.7.4.4.8  Construction Emissions 

The combined BEP/BEP II facility will occupy 152 acres.  It is assumed that the area affected by the construction of BEP II is equal to one-half of that, or 76 acres.  During the BEP II construction period, gaseous and particulate emissions (NOX, CO, SO2, and PM10) will be present in the exhaust of heavy construction equipment such as graders, excavators, dozers, scrapers, tractors, water trucks, tractors, and associated equipment.  Additionally, PM10 will be generated as fugitive dust emissions from earth clearing and grading, and vehicular traffic on the site.  All of the construction-related emissions will be short-term.

Fugitive Dust

PM10 emissions were estimated using an emission factor from the EPA document, Compilation of Air Pollution Emission Factors (AP-42), Vol. I, Stationary Sources, Section 13.2.3.  As presented in AP-42, the emission factor for general construction activities is 1.2 tons/acre/month of total suspended particulates (TSP).  This factor includes fugitive road dust emissions from vehicle activity.  Hence, the maximum uncontrolled monthly TSP emissions during the project would be:

(1.2 ton/acre-mo * 76 acres * 2000 lbs/ton) / (24 hrs/day * 30 days/mo) = 253 lbs/hour

Assuming that a significant portion of this TSP is generated from vehicle traffic, 26 percent of the TSP was assumed to be PM10 (AP-42 Table 13.2.2-2).  Therefore, the emission rate of PM10 is calculated to be 66 lb/hr.

The application of water or chemicals on exposed areas will reduce emissions by 50 percent.  Thus, the resultant PM10 emission rate of 33 lbs/hour is assumed to occur during the period of maximum activity during construction.  This period is assumed to be during the month with the greatest horsepower-truck (hp-truck) activity.  Hp-truck activity was calculated for each month as follows:

(Truck type number * Truck type horsepower * Truck type duty cycle)

With the emissions of 33 lb/hr assigned to the month with the maximum hp-truck activity, the emission rate for the other months was calculated as follows:

33 lb/hr * (hp-truck activity for each month / maximum hp-truck activity)

It was also assumed that only ten percent of the construction site would be active at any time, with the remainder being undisturbed.  Therefore each month’s fugitive PM10 emissions were multiplied by a factor of 0.10.

Spreadsheets used for these calculations can be found in Appendix 7.7-D.

Construction Tailpipe Emissions

During construction, vehicles will generate exhaust emissions of CO, NOX, SO2, and PM10.  Hourly and construction-period tailpipe emissions for the diesel fired sources are calculated using the emission factors presented in AP-42, Volume II, Table II-7.1 Emission Factors for Heavy-duty Diesel-powered Construction Equipment.  Spreadsheets and raw data used for these calculations can be found in Appendix 7.7-E.

Table 7.7-19 summarizes the total anticipated emissions that would be generated during construction of BEP II.

	TABLE 7.7-19

Estimated Construction Emissions

	Pollutant
	Estimated Construction Emissions (tons)

	NOX
	150

	CO
	53.4

	SOX
	14.4

	PM10 - Tailpipe
	11.6

	PM10 - Fugitive
	10.9

	VOC
	11.9


7.7.5
BACT Analysis 

· Pursuant to MDAQMD Rule 1303(A), a modification of a major source must apply BACT for each non-attainment air pollutant for which the potential to emit is greater than 25 pounds per day or 25 tpy.  

The BACT analysis must include a review of applicable federal regulations as well as a "topdown" analysis (described below in Section 7.7.5.3) of all applicable control strategies. A review of applicable federal regulations is contained in Section 7.7.9 of this application.  Based on advances in gas turbine control technology, BACT requirements for gas turbines are currently much more stringent than emission standards contained in existing federal regulations, notably federal New Source Performance Standards (NSPS). Potential sources of previous BACT determinations for the top‑down analysis include the EPA’s RACT
/BACT/LAER
 Clearinghouse (RBLC); determinations made by MDAQMD other local California Air District projects, determinations made by other agencies; and published, independently verified equipment performance and operating data.

7.7.5.1
BACT Summary

Evaluation of the BEP II requires an analysis to ensure that BACT is being applied.  The BACT analysis for BEP II is presented in this section and the results of this analysis are summarized in Table 7.7-20.  These BACT values will apply to normal CT loads with and without duct firing.

The description of the air pollution control equipment proposed for the facility includes the location of the control and compliance monitoring equipment, test methods to determine compliance with applicable requirements, the rated and operating efficiency, data necessary to establish the required efficiency, and evidence that operation of the equipment will not violate any air quality impact criteria.

	TABLE 7.7-20

BACT Analysis Summary1

	Emission Source
	Pollutant
	Control Technology
	Controlled Emission Rate
	Averaging Period

	CT/HRSG (each)
	NOX
	SCR
	2.5 ppmvd @ 15% O2
	1 hr

	CT/HRSG (each)
	CO
	Combustion control
	5 ppmvd @ 15% O2 when CT loads are between 80 - 100%, and 8.4 ppmvd @15% O2 when CT loads are between 70 – 80%, and during duct firing 
	3 hrs

	CT/HRSG (each)
	PM10
	Pipeline quality natural gas fuel
	6 lb/hr
	3 hrs

	CT/HRSG (each)
	SO2
	Pipeline quality natural gas fuel
	Fuel sulfur content less than or equal to 0.5 gr/100 dscf
	3 hrs

	CT/HRSG (each)
	VOC
	Combustion control
	1 ppmvd @ 15% O2
	3 hrs

	Cooling Tower 
	PM10
	High efficiency drift eliminators
	0.0006 % Drift Rate
	---


1
Excluding periods of startup, shutdown, and malfunction.

7.7.5.2
Location and Description of Pollution Control and Monitoring Equipment 

The air pollution control equipment for the facility consists of a SCR system for NOX emissions control for each CT/HRSG unit, and high efficiency drift eliminators for the Cooling Tower.  In addition, state-of-the-art combustion controls on all fuel burning devices to minimize the emission levels of all air pollutants.  

The SCR system consists of catalyst modules located within each HRSG, an ammonia storage tank, and ammonia transfer, vaporization, and injection equipment.  The performance of the SCR (i.e., NOX reduction efficiency) is controlled primarily by comparing the continuously monitored NOX levels in the HRSG stack to the emission level set point (typically some outlet concentration level less than the permitted emission limit).  Depending on the measured NOX levels, the SCR performance control system will increase or decrease the amount of ammonia being injected ahead of the catalyst in order to adjust the NOX control efficiency.

Drift eliminators will be installed in the cooling tower as a means to reduce the amount of drift, i.e., water entrained as droplets in the exhaust air from the tower.  Performance (in terms of drift elimination rate) is generally a function of the device design.  These eliminators are static, physical devices that are installed within the equipment and performance is not controlled or monitored.

7.7.5.3
Control Technology 

Based on the BEP II maximum emissions as presented in Section 7.7.4.4 of this document, each permitted unit at BEP II must be equipped with BACT/LAER for NOX, VOC, PM10 and SOX, and BACT for CO (attainment pollutant).  This analysis evaluates the available control technologies for these pollutants, trace organics, and trace metals for each configuration.

7.7.5.3.1
BACT Assessment of NOX Control Technologies

Table 7.7-21 presents a summary of recent BACT/LAER determinations for NOX emissions from natural gas‑fired turbines operating in combined cycle. Only the more recent, more stringent determinations are shown. Historically, emission reductions have primarily been achieved through the use of water or steam injection, which reduces NOX emissions by lowering combustion temperatures. However, water or steam injection used for NOX reduction increases emissions of CO and unburned hydrocarbons. New gas turbines have been required to achieve NOX emission levels below what water or steam injection can provide. This has been most often accomplished with the use of dry low NOX burner design (DLN) systems or water (or steam) injection followed by SCR.  DLN systems have the advantage of lower CO and unburned hydrocarbon (UHC) emissions than water/steam injection due to the staged-combustion basis of DLN systems, although DLN emission controls cannot reduce CO and UHC below optimal stoichiometric combustion levels (which would be associated with increased NOX emissions).

Historically, BACT/LAER "achieved in practice" determinations have been evaluated by considering established permitted limits for similar equipment. Based on recently proposed emission limitations, it can be concluded that current large turbines BACT determinations have been between 2.0 to 4.5 parts per million, dry volume (ppmvd) NOX, for combined‑cycle configurations. Recent 2.5 ppmvd BACT levels have been based on one‑hour rolling averages (at 15% O2). A lower range of 2.0 to 3.5 ppmvd has been established under LAER determinations. Generally, recent LAER levels have been three‑hour rolling averages.

The following NOX control technologies were determined to be technically feasible and were evaluated (presented in order of most to least effective):

· XONON™

· SCONOX ™

· DLN and SCR

· Water/Steam Injection and SCR

· DLN

· Water/Steam Injection

XONON(
Catalytica's XONON combustion system improves the combustion process by lowering the peak combustion temperature to reduce the formation of NOX , while also providing further control of CO and hydrocarbon (HC) emissions that other NOX control technologies (such as water injection and DLN) cannot provide. Most gas turbine emission control technologies remove air contaminants from exhaust gas prior to release to the atmosphere. In contrast, the overall combustion process in the XONON system is a partial combustion of the fuel in the catalyst module followed by completion of the combustion downstream of the catalyst. In the catalyst module, a portion of the fuel is combusted without a flame (i.e., at relatively low temperature) to produce a hot gas. A homogeneous combustion region is located immediately downstream where the remainder of the fuel is combusted.
	TABLE 7.7-21

NOX BACT Decisions From January 2001 to Present

(Ranked Most Stringent to Least Stringent)

	Site
	State
	District
	Size
	Type
	Decision Date
	NOX Emission Limits
	NOX Control Technology

	Otay Mesa Power Plant (99-AFC-5)
	CA
	SDCAPCD
	510 MW
	Not specified
	4/01
	2.0 ppmvd @ 15% O2 (3hr avg)
	DLN/SCONOX with SCR contingency

	Mountainview Power Plant (00-AFC-2)
	CA
	SCAQMD
	1,056 MW
	GE Frame 7FA/ Westinghouse 501F (2ea), HRSG w/duct (2ea), 1 steam generator
	3/01
	2.0 ppmvd @ 15% O2 (3hr avg), 2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Goldendale
	WA
	
	250 MW
	F Class CT (1ea) HRSG (1ea) and 1 steam generator
	2/01
	2.0 ppmvd @ 15% O2 (3 hr avg)
	Dry Low NOX, SCR

	Blythe Energy Project
	CA
	MDAQMD
	520 MW
	GE 7FA w/HRSGs and steam generator
	3/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Metcalf Energy Center (99-AFC-3)
	CA
	BAAQMD
	600 MW
	Westinghouse 501FD2 (2ea) HRSG w/duct (2ea) and 1 steam generator
	9/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Contra Costa Power Plant
	CA
	
	530 MW
	GE 7Fa (2ea) HRSG (2ea) and 1 steam generator
	7/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Morrow Bay Power Plant (00-AFC-12)
	CA
	SLOCAPCD
	1,200 MW (mod)
	GE Model PG7241 (2ea), HRSG w/duct (2ea) and 1 steam generator
	5/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Three Mountain Power Plant (99-AFC-2)
	CA
	Shasta County AQMD
	500 MW
	Not specified
	5/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Not Specified

	Midway-Sunset
	CA
	BAAQMD
	500MW
	GE 7FA or Westinghouse 501F w/HRSGs and steam turbine
	3/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Redding Power Plant  (OO-PO-39)
	CA
	Shasta County AQMD
	43 MW
	Alstom GTX 100 (1ea), HRSG (1 ea)
	3/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	SCONOX

	Western Midway Sunset Power Plant (99-AFC-9)
	CA
	SJVUAPCD
	500 MW
	GE Frame 7FA/ Westinghouse 501F (2ea), HRSG w/duct (2ea), 1 steam generator
	3/01
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	Potrero Power Plant (00-AFC-4)
	CA
	BAAQMD
	540 MW
	GE Frame 7FA (2ea)
	In Review
	2.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	TransAlta Centralia
	WA
	
	248 MW
	GE LM6000 (4ea) w/4 ea. HRSG and 1 steam generator
	5/01
	3.0 ppmvd @ 15% O2 (1hr avg), 8 ppmvd @ 15% O2 (8hr avg)
	Dry Low NOX, SCR

	Duke Energy – Alexander City
	AL
	
	1,260 MW
	GE 7FA w/HRSGs and steam generator
	2/01
	3.5 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX, SCR

	CPV Pierce Power Generation Facility
	FL
	
	250 MW
	GE 7FA
	8/01
	2.5 ppmvd @ 15% O2 (24hr avg)
	Dry Low NOX, SCR

	Covert Generating Co.
	MI
	
	1,200 MW
	Mitsubishi 501G w/HRSGs and steam generators
	1/01
	2.5 ppmvd @ 15% O2 (24hr avg)
	Dry Low NOX

	Mint Farm
	WA
	
	248 MW
	GE 7FA w/HRSG
	6/01
	3.0 ppmvd @ 15% O2 (24hr avg), 2.5 ppmvd @ 15% O2 (12 month avg)
	Dry Low NOX, SCR

	Longview
	WA
	
	249 MW
	Siemens-Westinghouse 501F w/HRSG
	6/01
	3.0 ppmvd @ 15% O2 (24hr avg), 2.5 ppmvd @ 15% O2 (12 month avg)
	Dry Low NOX, SCR

	Longview
	WA
	
	249 MW
	GE 6FA w/HRSG
	6/01
	3.0 ppmvd @ 15% O2 (24hr avg), 2.5 ppmvd @ 15% O2 (12 month avg)
	Dry Low NOX, SCR

	Longview
	WA
	
	249 MW
	GE 7FA w/HRSG
	6/01
	3.0 ppmvd @ 15% O2 (24hr avg), 2.5 ppmvd @ 15% O2 (12 month avg)
	Dry Low NOX, SCR

	Orlando Utilities – Curtis H Stanton Energy Center
	FL
	
	633 MW
	GE 7FA w/HRSGs and steam generator
	9/01
	3.5 ppmvd
	SCR

	CPV – Atlantic Power
	FL
	
	250 MW
	GE 7FA
	5/01
	3.5 ppmvd
	SCR

	Columbia Energy
	SC
	
	515 MW
	GE 7FA w/HRSGs and steam generator
	4/01
	3.5 ppmvd
	Dry Low NOX, SCR

	Georgia Power – Goat Rock
	AL
	
	2,460 MW
	GE 7FA w/HRSGs and steam generator
	4/01
	3.5 ppmvd
	Dry Low NOX, SCR

	Cogentrix Energy, Calendonia Power Project
	MS
	
	800 MW
	GE 7FA w/HRSGs and steam generator
	3/01
	3.5 ppmvd
	Dry Low NOX, SCR

	Duke Energy Murray, LLC
	FL
	
	1,240 MW
	GE 7FA w/HRSGs and steam generator
	2/01
	3.5 ppmvd
	Dry Low NOX, SCR

	Alabama Power – Autaugaville
	AL
	
	1,260 MW
	F Class CTs w/HRSGs and steam generator
	1/01
	3.5 ppmvd
	SCR

	GenPower – Kelly, LLC
	AL
	
	1,.260 MW
	GE 7FA w/HRSGs and steam generator
	1/01
	3.5 ppmvd
	SCR

	Hillabee Energy Center
	AL
	
	700 MW
	Siemens Westinghouse 501F w/HRSGs and steam turbine
	1/01
	3.5 ppmvd
	Dry Low NOX, SCR

	Calpine Osprey Energy Center
	FL
	
	527 MW
	Seimens Westinghouse 501FD w/HRSGs and steam generator
	7/01
	3.5 ppmvd @ 15% O2 (24hr avg)
	Dry Low NOX, SCR

	Hines Energy (FPC)
	FL


	
	530 MW
	Seimens Westinghouse 501FD w/HRSGs and steam generator
	6/01
	3.5 ppmvd @ 15% O2 (24hr avg)
	SCR

	North American Power Group/Kiowa Creek
	CO
	
	1,000 MW
	GE 7FA or equivalent
	1/01
	4.0 ppmvd
	SCR

	Xcel Energy
	MN
	
	290 MW
	Westinghouse 501 F w/HRSGs and steam generator
	7/01
	4.5 ppmvd @ 15% O2 (3hr avg)
	Dry Low NOX, SCR

	East Kentucky Power Cooperative, Inc.
	KY
	
	240 MW
	GE 7FA
	7/01
	9 ppmvd
	Dry Low NOX

	South Eastern Energy Corp.
	AL
	
	1,500 MW
	GE 7FA or Westinghouse 501F w/HRSGs and steam turbine
	1/01
	9 ppmvd
	Dry Low NOX

	Duke Energy, Ft. Pierce
	FL
	
	640 MW
	GE 7FA
	6/01
	10.5 ppmvd @ 15% O2 (3hr avg)
	Dry Low NOX

	Louisville Gas and Electric – Trimble
	KY
	
	960MW
	GE 7FA
	6/01
	12 ppmvd @ 15% O2 (1hr avg)
	Dry Low NOX

	Duke Energy Lake
	FL
	
	640 MW
	GE 7FA
	7/01
	12 ppmvd @ 15% O2 (3hr avg)
	Dry Low NOX

	Midway Development Center
	FL
	
	510 MW
	GE 7FA
	2/01
	12 ppmvd
	Dry Low NOX

	Oglethorpe Power Corp.
	GA
	
	648 MW
	Siemens Westinghouse V84.3
	8/01
	12 ppmvd
	Dry Low NOX

	Tenaska Alabama II Generating Station
	AL
	
	900 MW
	GE 7FA or Mitsubishi M501F w/HRSGs and steam turbine
	2/01
	15 ppmvd
	Dry Low NOX

	Kentucky Pioneer Energy
	KY
	
	540 MW
	GE 7FA
	6/01
	15 ppmvd @ 15% O2 (3hr avg)
	Steam Injection

	Tenaska Alabama III Partners
	AL
	
	510 MW
	GE 7FA
	1/01
	0.013 lb/MMBtu
	SCR

	Blount County Energy
	AL
	
	800 MW
	F Class CTs w/HRSGs and steam generator
	1/01
	0.013 lb/MMBtu @ 15% O2 (3hr avg)
	SCR

	Calhoun Power Company
	AL
	
	680 MW
	GE 7FA 
	1/01
	0.033 lb/MMBtu @ 15% O2 (3hr avg)
	Dry Low NOX

	Panda Power – Montgomery Generating Station
	MO
	
	1,290 MW
	GE 7FA w/HRSGs and steam generator
	8/01
	Not Specified
	Not Specified


The key feature of the XONON combustion system is a proprietary catalytic component, called the XONON Module, which is integral to the gas turbine combustor. XONON combusts the fuel without a flame, thus eliminating the peak flame temperatures that lead to NOX formation. Turbine performance is not affected.

XONON is an innovative technology that is currently being commercialized on smaller‑scale projects with support from the U.S. Department of Energy, the CEC, and California Air Resources Board (CARB). CARB has reported on the pilot effort underway in Santa Clara where the XONON system is operating at a 1.5‑MW simple‑cycle pilot facility. The CARB indicated in its June 1999 Stationary Source Division Report Guidance for Power Plant Siting and Best Available Control Technology (CARB, 1999), page 23: "Emission levels from 1.33 to 4.04 ppmvd  NOX, at 15 % O2 have been achieved at Silicon Valley Power utilizing the XONON technology." But they further indicate that "there is not sufficient operating experience to ensure reliable performance on large gas turbines."

XONON does not represent an available control technology for a 170 MW turbine. According to Catalytica, a joint venture agreement is in place with General Electric (GE) to eventually develop XONON as Original Equipment Manufacturer and retrofit equipment for the entire GE turbine line. However, at present, GE does not currently offer a XONON combustor option for 7FA or any other large industrial turbine.  The California Energy Commission recently approved an Application for Certification for the Pastoria Energy Facility Project (December 20, 2000) which proposes to install XONON on F‑Class Turbines if the technological issues can be resolved.  The  NOX, emissions limit proposed for the Pastoria Project is being evaluated under LAER criteria. DLN/SCR is proposed as the back‑up control technology if the XONON technology proves infeasible and/or unattainable for this project. Therefore, XONON does not represent a currently available control technology for BEP II under BACT evaluation criteria.

SCONOX ™

SCONOX is a new innovative post‑combustion control system, produced by Goal Line Environmental Technologies, which began commercial operation at the Federal Plant in Vernon, California in December 1996. The Federal Plant is owned by Sunlaw Cogeneration Partners and consists of a GE LM2500 combustion turbine (approximately 28 MW) with a HRSG. The unit is roughly one‑sixth the size of F‑Class combustion turbines.  The SCONOX system uses a coated oxidation catalyst installed in the flue gas to remove both NOX and CO without a reagent such as ammonia. The NOX emissions are oxidized to NO2 and then absorbed onto the catalyst.  A dilute hydrogen gas is passed through the catalyst periodically.  This gas desorbs the NO2 from the catalyst and reduces it to atmospheric nitrogen (N2) prior to exit from the stack. CO is oxidized to carbon dioxide (CO2) and exits the stack, and VOC is reduced as well.

SCONOx operates in a temperature range between 300° F and 700° F.  The catalyst uses a potassium carbonate coating that reacts to form potassium nitrates and nitrites on the surface of the catalyst. When all of the carbonate absorber coating on the surface of the catalyst has reacted to form nitrogen compounds, NO2 is no longer absorbed, and the catalyst must be regenerated.  Dampers are used to isolate a portion of the catalyst for regeneration.  The regenerative gas is passed through the isolated portion of the catalyst while the remaining catalyst stays in contact with the flue gas.  After the isolated portion has been regenerated, the next set of dampers close to isolate and regenerate the next portion of the catalyst.  This cycle repeats continuously.  As a result, each section of the catalyst is regenerated about once every fifteen minutes.

Current emissions data show that the Federal Plant is controlling NOx emissions to 2 ppmvd (at 15 percent O2) on a periodic basis for an LM2500 application (excluding start‑up, shutdown, and frequent maintenance). SCONOx is a promising technology, but it has not been achieved in practice for large‑class combustion turbines.  Nonetheless, the SCONOx system offers the potential for significant environmental benefits if it can be used on large turbines. The system may be able to achieve NOx levels below current LAER and BACT levels, and CO levels of 6 ppmvd (at 15 percent O2) for turbine load conditions greater than 73 percent (10 ppmvd (at 15 percent O2) for low load conditions).

At the time of this filing, Alstom Power and Goal Line have entered into an agreement to make SCONOx commercially available for an F‑Class ABB turbine at a guaranteed emissions level of 2.5 ppmvd NOx (at 15 percent O2).  However, SCONOx has not been achieved in practice on an F Class turbine at the time of this application.  Therefore, while it is currently available technology for smaller turbines, SCONOx do not represent a viable BACT option for BEP II. Furthermore, a detailed economic analysis of this technology was conducted for BEP.  The analysis concluded that SCONOx was not economically feasible for the control of NOx emissions (this BACT analysis included in its entirety in Appendix 7.7-F).

Dry Low NOx Combustors and Selective Catalytic Reduction 

The most stringent control technology identified during our review as currently commercially available and achieved in practice for F Class turbines is the combination of DLN controls followed by SCR.  The cumulative control resulting from DLN and SCR for these sized turbines is a NOx emission rate estimated to be 2.0 ppmvd to 2.5 ppmvd (at 15 percent O2). This level of emissions control has been proposed by several facilities in order to satisfy stringent LAER standards, and has recently been proposed under BACT standards.  Recent EPA determinations have accepted that NOX emission limits of 2.0 ppmvd @ 15% O2 averaged over a three hour period of time are equivalent to 2.5 ppmvd @ 15% O2 averaged over a one hour.  CARB has also sited these levels as BACT in “Guidance for Power Plant Siting and Best Available Control Technology”, June 1999.

DLN is a combustion system design.  Virtually all gas turbine manufacturers are continuing to research and improve upon advanced combustion technologies, since they represent the most cost‑effective NOx reduction approach for some turbine users. NOx control through combustor design is attractive because there is primarily only one dominant source of NOx formation in natural gas combustion, as opposed to two sources with liquid or solid fuel combustion.  The predominant source of NOx emissions from natural gas turbines is the thermal NOx formation reaction, which is very dependent on combustor design.  This reaction converts N2 and O2 to NOx at the high temperatures of combustion.  DLN combustion results in NOx emission rates of 9‑25 ppmvd (at 15 percent O2). Siemens currently guarantees 25 ppmvd for the V84.3A model with DLN.

SCR is a post‑combustion gas treatment technique for reductions of NO and NO2 in the turbine exhaust stream to molecular nitrogen and water. Aqueous or anhydrous ammonia (NH3) is typically used as the reducing agent. The basic reactions are:

4NH3+4NO+O2 →    4N2+6H2O

8 NH3 + 6 NO2  →   7N2 + 12 H2O

Typically, a fixed-bed catalytic reactor is used for SCR. The function of the catalyst is to lower the activation energy of the NOx decomposition reaction with ammonia.

As noted in Table 7.7-21, DLN with SCR has been permitted to achieve NOx emissions of 2 - 2.5 ppmvd (at 15 percent O2) for nominal 170 MW turbines, based on LAER requirements (which are more stringent than BACT). The use of DLN with SCR at a limit of 2.5 - 3.0 ppmvd NOx (at 15 percent O2) represents the lowest BACT limits found in the search of recent projects.

SCR is a post‑combustion control technology that has been achieved‑in‑practice technology on F‑Class turbines.  SCR is the most cost effective selection for this project and will achieve NOx reductions to 2.5 ppmvd, 1-hour averaging time.

Water/Steam Injection and SCR

Water or steam injection followed by SCR is nearly as stringent as the above control technologies. Injection of water or steam into the turbine combustion zone results in cooling of the flame, thereby reducing the formation of thermal NO, Water or steam injection alone can reduce emissions to a level of 25 ‑ 42 ppmvd. Additional reduction is then achieved with SCR. The cumulative control of water injection and SCR for large turbines yields LAER NOx emission rates of 3.5 ppmvd (at 15 percent O2).

The key to this technology is the production of sufficient quantities of high purity water, free from dissolved or suspended solids that could damage the turbine. Water for injection must meet rigorous quality standards for various parameters that include silica content and suspended solids levels. Water for steam production must meet even more stringent standards. A malfunction in the water treatment system could cause deposition of minerals inside the turbine, which could result in turbine damage and maintenance problems.

Water injection ratios are generally less than 1.0 pound of water injected per pound of fuel burned. Steam injection ratios are 0.5 to 2.0 pounds of steam per pound of fuel burned. Water injection typically requires lower ratios for an equivalent NOX, reduction because of the water's lower temperature and latent heat of vaporization. In any event, the use of water or steam injection significantly increases facility water use when compared to DLN combustion technology. In addition, water or steam injection lowers the overall facility efficiency because of the quench effect of the diluent injected. However, the turbine's output is greater due to the additional mass flow through the turbine from the diluent.
Dry Low NOX Combustion 

DLN technology by itself is a proven method to reduce NOx emissions to a level of approximately 9‑25 ppmvd. Siemens currently guarantees 25 ppmvd for the V84.3A model with DLN.

Technical issues associated with this technology have been discussed above.
Water/Steam Injection

Per Siemens, the exclusive use of water or steam injection is not a technically feasible option for the Siemens V84.3A CT.

NOx BACT Summary For Turbines

The proposed emission control technologies for BEP II are consistent with a Top‑Down BACT assessment and with approved BACT determinations made for BEP.  As presented in Table 7.7-22, current NOx BACT is 2.0 ppmvd and 2.5 ppmvd, at 15 percent O2 at three hour and one hour averaging periods, respectively.  Recent EPA determinations have accepted that NOX emission limits of 2.0 ppmvd at 15 percent O2 averaged over a three hour period of time are equivalent to 2.5 ppmvd at 15 percent O2 averaged over a one hour.  CARB has also sited these levels as BACT in “Guidance for Power Plant Siting and Best Available Control Technology”, June 1999.  

The proposed BACT NOx emissions level is 2.5 ppmvd at 15 percent O2 (one‑hour average) with an ammonia slip of ten ppmvd at 15 percent O2 (three-hour average), except during periods of start-up, shutdown and malfunction. This is equivalent to the most stringent BACT limit approved or proposed to date with proven technology on large gas turbines.  DLN/SCR meets BACT, is achieved in practice, is technically and economically viable, and thus is the proposed NOx control technology for BEP II.
7.7.5.3.2
BACT Assessment of CO Control Technologies

Carbon monoxide is formed as a result of incomplete combustion of fuel within the gas turbine generating systems.  Although BEP II is located in a federal and state designated attainment area in regards to CO, BACT will apply due to BEP II’s classification as a major source of CO.  MDAQMD rules allow some flexibility in CO BACT emission levels on case by case analysis.  Furthermore, economic consideration is allowed when determining CO emission control technologies, per MDAQMD definition of BACT (Rule 1301(J)).  CARB guidance states “Because CO is a localized pollutant and generally attributed to mobile sources, the area attainment status could be considered in establishing BACT to the extent allowed in district rules and regulations.” 

Table 7.7-22 presents a compilation of CO emission restrictions for 2001 and later permitted power plants similar to BEP II.  Information presented in Table 7.7-22 is from the EPA RBLC Database, internet searches, and personal communications.  The RBLC database indicates that typical CO BACT decisions have are currently in the range of 2 ‑20 ppm (at 15 percent O2).

The RBLC and recent PSD permits identified the following potential control technologies for CO:

· Catalytica XONON™

· Goal Line SCONOX™

· CO oxidizing catalyst 

· Combustion control

	TABLE 7.7-22

CO BACT Decisions From January 2001 to Present

(Ranked Most Stringent to Least Stringent)

	Site
	State
	District
	Size
	Type
	Decision Date
	CO Emission Limits
	CO Control Technology

	Goldendale
	WA
	
	250 MW
	F Class CT (1ea) HRSG (1ea) and 1 steam generator
	2/01
	2.0  ppmvd @ 15% O2 (1 hr avg)
	Cat. Oxidation, Good combustion practices

	TransAlta Centralia
	WA
	
	248 MW
	GE LM6000 (4ea) w/4 ea. HRSG and 1 steam generator
	5/01
	3.0 ppmvd @ 15% O2 (1 hr avg) 1.5 ppmvd @ 15% O2 (8 hr avg)
	Cat. Oxidation, Good combustion practices

	Blythe Energy Project
	CA
	MDAQMD
	520 MW
	GE 7FA w/HRSGs and steam generator
	3/01
	5.0 ppmvd w/o duct firing, 8.4 ppmvd w/duct firing @ 15% O2 (3 hr avg)
	Good Combustion Practices with Cat. Oxidation contingency

	Metcalf Energy Center (99-AFC-3)
	CA
	BAAQMD
	600 MW
	Westinghouse 501FD2 (2ea) HRSG w/duct (2ea) and 1 steam generator
	9/01
	6 ppmvd @ 15% O2 (3 hr avg)
	Cat. Oxidation, Good combustion practices

	Contra Costa Power Plant
	CA
	
	530 MW
	GE 7Fa (2ea) HRSG (2ea) and 1 steam generator
	7/01
	6.0  ppmvd @ 15% O2
	Cat. Oxidation, Good combustion practices

	Mint Farm
	WA
	
	248 MW
	GE 7FA w/HRSG
	6/01
	6.0  ppmvd @ 15% O2 (1hr avg), 2.0 ppmvd (12 mos. avg)
	Cat. Oxidation, Good combustion practices

	Longview
	WA
	
	249 MW
	Siemens-Westinghouse 501F w/HRSG
	6/01
	6.0  ppmvd @ 15% O2 (1hr avg), 2.0 ppmvd (12 mos. avg)
	Cat. Oxidation, Good combustion practices

	Longview
	WA
	
	249 MW
	GE 6FA w/HRSG
	6/01
	6.0  ppmvd @ 15% O2 (1hr avg), 2.0 ppmvd (12 mos. avg)
	Cat. Oxidation, Good combustion practices

	Longview
	WA
	
	249 MW
	GE 7FA w/HRSG
	5/01
	6.0  ppmvd @ 15% O2 (1hr avg), 2.0 ppmvd (12 mos. avg)
	Cat. Oxidation, Good combustion practices

	Morrow Bay Power Plant (00-AFC-12)
	CA
	SLOCAPCD
	1,200 MW (mod)
	GE Model PG7241 (2ea), HRSG w/duct (2ea) and 1 steam generator
	5/01
	6 ppmvd @ 15% O2
	Dry low- NOX & Oxidation Catalyst

	Otay Mesa Power Plant (99-AFC-5)
	CA
	SDCAPCD
	510 MW
	Not specified
	4/01
	6 ppmvd @ 15% O2 (3 hr avg @ >73% load), 10 ppmvd @ 15% O2 (3 hr avg @ <73% load)
	SCONOX

	Midway-Sunset
	CA
	BAAQMD
	500MW
	GE 7FA or Westinghouse 501F w/HRSGs and steam turbine
	3/01
	6.0 ppmvd @ 15% O2 (3 hr avg)
	Cat. Oxidation, Good combustion practices

	Mountainview Power Plant (00-AFC-2)
	CA
	SCAQMD
	1,056 MW
	GE Frame 7FA/ Westinghouse 501F (2ea), HRSG w/duct (2ea), 1 steam generator
	3/01
	6.0 ppmvd @ 15% O2 (3 hr avg)
	Oxidation Catalyst

	Redding Power Plant  (OO-PO-39)
	CA
	Shasta County AQMD
	43 MW
	Alstom GTX 100 (1ea), HRSG (1 ea)
	3/01
	6.0 ppmvd @ 15% O2 (1 hr avg)
	SCONOX

	Western Midway Sunset Power Plant (99-AFC-9)
	CA
	SJVUAPCD
	500 MW
	GE Frame 7FA/ Westinghouse 501F (2ea), HRSG w/duct (2ea), 1 steam generator
	3/01
	6.0 ppmvd @ 15% O2 (3 hr avg)
	Dry low- NOX & Oxidation Catalyst

	Potrero Power Plant (00-AFC-4)
	CA
	BAAQMD
	540 MW
	GE Frame 7FA (2ea)
	In Review
	6.0 ppmvd @ 15% O2 (3 hr avg)
	Oxidation Catalyst

	CPV Pierce Power Generation Facility
	FL
	
	250 MW
	GE 7FA
	8/01
	8 ppmvd @ 15% O2
	Good Combustion Practices

	Louisville Gas and Electric – Trimble
	KY
	
	960MW
	GE 7FA
	6/01
	9 ppmvd @ 15% O2, 3 hour avg.
	Good Combustion Practices

	CPV – Atlantic Power
	FL
	
	250 MW
	GE 7FA
	5/01
	9 ppmvd @ 15% O2
	Good Combustion Practices

	Cogentrix Energy, Calendonia Power Project
	MS
	
	800 MW
	GE 7FA w/HRSGs and steam generator
	3/01
	9 ppmvd @ 15% O2
	Good Combustion Practices

	Midway Development Center
	FL
	
	510 MW
	GE 7FA
	2/01
	9 ppmvd @ 15% O2
	Good Combustion Practices

	South Eastern Energy Corp.
	AL
	
	1,500 MW
	GE 7FA or Westinghouse 501F w/HRSGs and steam turbine
	1/01
	9 ppmvd
	Unknown

	GenPower – Kelly, LLC
	AL
	
	1,.260 MW
	GE 7FA w/HRSGs and steam generator
	1/01
	9 ppmvd w/o DB, 14 ppmvd w/DB
	Good Combustion Practices

	Calpine Osprey Energy Center
	FL
	
	527 MW
	Seimens Westinghouse 501FD w/HRSGs and steam generator
	7/01
	10 ppmvd w/o DB, 17 ppmvd w/DB @ 15% O2
	Good Combustion Practices

	Three Mountain Power Plant (99-AFC-2)
	CA
	Shasta County AQMD
	500 MW
	Not specified
	5/01
	10 ppmvd @ 15% O2 (3 hr avg)
	Not Specified

	Oglethorpe Power Corp.
	GA
	
	648 MW
	Siemens Westinghouse V84.3
	8/01
	15 ppmvd @ 15% O2
	Good Combustion Practices

	Tenaska Alabama III Partners
	AL
	
	510 MW
	GE 7FA
	1/01
	15 ppmvd @ 15%  O2
	Good Combustion Practices

	Hines Energy (FPC)
	FL


	
	530 MW
	Seimens Westinghouse 501FD w/HRSGs and steam generator
	6/01
	16 ppmvd @ 15% O2
	Good Combustion Practices

	Columbia Energy
	SC
	
	515 MW
	GE 7FA w/HRSGs and steam generator
	4/01
	17.4 ppmvd @ 15% O2
	Good Combustion Practices

	Xcel Energy
	MN
	
	290 MW
	Westinghouse 501 F w/HRSGs and steam generator
	7/01
	18 ppmvd w/o duct firing, 25 ppmvd w/duct firing @ 15% O2, 3 hour avg.
	Good Combustion Practices

	Orlando Utilities – Curtis H Stanton Energy Center
	FL
	
	633 MW
	GE 7FA w/HRSGs and steam generator
	9/01
	18.1 ppmvd @ 15% O2
	Good Combustion Practices

	Duke Energy Lake
	FL
	
	640 MW
	GE 7FA
	7/01
	20 ppmvd @ 15% O2
	Good Combustion Practices

	Kentucky Pioneer Energy
	KY
	
	540 MW
	GE 7FA
	6/01
	20 ppmvd @ 15% O2, 3 hour avg.
	Good Combustion Practices

	Duke Energy Murray, LLC
	FL
	
	1,240 MW
	GE 7FA w/HRSGs and steam generator
	2/01
	21.8 ppmvd @ 15% O2
	Good Combustion Practices

	North American Power Group/Kiowa Creek
	CO
	
	1,000 MW
	GE 7FA or equivalent
	1/01
	23.2 ppmvd @ 15%  O2 (1 hr avg)
	Good Combustion Practices

	East Kentucky Power Cooperative, Inc.
	KY
	
	240 MW
	GE 7FA
	7/01
	25 ppmvd @ 15% O2
	Good Combustion Practices

	Duke Energy, Ft. Pierce
	FL
	
	640 MW
	GE 7FA
	6/01
	25 ppmvd @ 15% O2
	Good Combustion Practices

	Georgia Power – Goat Rock
	AL
	
	2,460 MW
	GE 7FA w/HRSGs and steam generator
	4/01
	0.086 lb/MMBtu
	Good combustion practices

	Hillabee Energy Center
	AL
	
	700 MW
	Siemens Westinghouse 501F w/HRSGs and steam turbine
	1/01
	0.023/0.076 lb/MMBtu (w/PA and/or DB)
	Good Combustion Practices

	Duke Energy – Alexander City
	AL
	
	1,260 MW
	GE 7FA w/HRSGs and steam generator
	2/01
	80 lbs/hr
	Good Combustion Practices

	Blount County Energy
	AL
	
	800 MW
	F Class CTs w/HRSGs and steam generator
	1/01
	77.7 lb/hr
	Good Combustion Practices

	Calhoun Power Company
	AL
	
	680 MW
	GE 7FA 
	1/01
	0.017 lb/MMBtu
	Good Combustion Practices

	Alabama Power – Autaugaville
	AL
	
	1,260 MW
	F Class CTs w/HRSGs and steam generator
	1/01
	0.035 lb/MMBtu
	Good Combustion Practices

	Covert Generating Co.
	MI
	
	1,200 MW
	Mitsubishi 501G w/HRSGs and steam generators
	1/01
	33.7 lbs/hr @ 15% O2, 24 hour avg.
	Cat. Oxidation, Good combustion practices

	Panda Power – Montgomery Generating Station
	MO
	
	1,290 MW
	GE 7FA w/HRSGs and steam generator
	8/01
	Unknown
	Good Combustion Practices

	Tenaska Alabama II Generating Station
	AL
	
	900 MW
	GE 7FA or Mitsubishi M501F w/HRSGs and steam turbine
	2/01
	Unknown
	Good Combustion Practices


XONON™

As previously described, the XONON™ combustion system is a combustion modification that is incorporated in the combustor of the gas turbine. One of the features of XONON is the near complete combustion of CO in the burnout zone of the combustor. XONON has been demonstrated in pilot studies on smaller turbines to achieve CO emissions levels of < 6 ppmvd. However, at this time, XONON is not a commercially available technology for larger turbines.

SCONOx ™

This technology was previously discussed for NOX, control. The technology simultaneously controls NOX and CO emissions from combustion. The system would be expected to achieve CO levels of 10 ppmvd (at 15 percent O2) or less based on available information.

SCONOx is currently an available control technology for smaller turbines, however, as discussed in Section 4.3, it has not been achieved in practice on an F‑Class turbine. Thus it is not a viable BACT option for CO for this project.

Oxidizing Catalyst

The most stringent CO control level available for gas turbines has been achieved utilizing oxidation catalyst systems.  Recently, two facilities have been permitted with CO emission control levels dedicated at 2.0 ppmvd, each utilizing oxidation catalyst technology.  Based on a thorough review of recent BACT decisions presented in Table 7.7-22, the range of recent CO BACT levels is between 2.0 ppmvd and 10.0 ppmvd.
BACT criteria are defined for the evaluation of CO emission control technology for BEP II.  MDAQMD Rule 1301(K)3 specifies that no BACT determination shall allow emission limitations or control techniques that do not meet state standards.  As mentioned previously, recent BACT CO determinations for large gas turbine generators are between 2.0 ppmvd and 10.0 ppmvd.  MDAQMD Rule 1301(K)2b states that emission control technologies must be technically feasible and cost effective.  Oxidation catalysts have recently been shown to be technically feasible, however, an economic impact analysis conducted to determine the economic viability an oxidation catalyst system showed that it is not a cost effective alternative at BEP II.

A threshold value of $5,000/ton of CO removed has been generally accepted as being cost effective. The total capital cost was based on a USEPA memorandum that summarized the cost burdens for the installation of an oxidation catalyst on an F-class natural gas combustion turbine (USEPA 2001). The total annual cost was based on conservative cost projections and actual price quotes from vendors.  Table 7.7-23 presents the CO BACT cost analysis calculation spreadsheet and evaluates the cost effectiveness of combustion control versus oxidation catalyst control to two ppmvd.  The calculated cost effectiveness of the oxidation catalyst system at BEP II was calculated to be $21,584 per ton of CO removed and, therefore, is not considered cost effective by generally accepted standards.  

Table 7.7-23

Combustion Turbine CO BACT Analysis

Oxidation Catalyst Reduction


[image: image1.wmf]Cost Data

Interest Rate

10.00%

Capital Recovery Factor (CRF)

Catalyst Life

3

0.4021

Equipment Life

10

0.1627

Direct Annual Cost, $/yr

Vendor

$256,440

Operating Labor

Industry avg/estimate

$23,725

Supervisory Labor

15% Operating Labor

(EPA, 1993a)

$3,559

Maintenance Labor

Avg. labor wage @ 0.5hr/12 hr shift

Estimate

$23,725

Maintenance Materials

100% Maintenance Labor

(EPA, 1993a)

$23,725

Catayst Cleaning

Estimate

$2,800

Estimate

$767,520

Catalyst Replacement Labor (b)

Estimate

$20,800

Catalyst Replacement (CR) ( c )

Vendor Quote

$750,000

Sales Tax (d)

0.00%

OR State Sales Tax

$0

Sum of a, b, c, and d

Capital Recovery

(a+b+c+d) x CRF

(EPA, 1995a)

$618,581

Total Direct Annual Costs, $/Year

$952,555

Indirect Annual Cost, $/Year

Overhead

(EPA, 1990a)

$44,840

Insurance and Administration

3% of TCI

(EPA, 1990a)

$142,615

Capital Recovery

N/A

$651,420

Property Tax

1% of TCI

Estimate

$47,538

Total Indirect Annual Costs $/Year

$886,413

Total Annual Costs, $/Year

$1,838,968

Total Net CO Reductions (tpy)

85.2

Cost Effectiveness, $/ton

$21,584

Power Loss Due to Pressure Drop 

Across Catalyst

0.14% per inch @ 3.0 inch wg of 

pressure drop @ power Value @ 

Hours of control operation @ avg 

combution turbine output (kw)

Avg. labor wage @ 0.5hr/12 hr shift, 

2 shifts per day

80 man-hours per year @ Avg. labor 

wage

60% of sum of all labor costs + 

maintenance materials

CRF x (TCI - initial catalyst charge)

Revenue Loss during Cat 

Replacement (a)

72 hours @ $0.035/kwh and 325,000 

kw

8 workers for 40 hours @ $35/hr 

every 3 yrs

Catalyst replacement cost @ 3 years, 

incl. Disposal


Combustion Control

Gas turbine combustion technology has significantly improved over recent years with respect to CO emissions. Historically, good combustion practices have been the basis of current BACT CO emission limits of 9 to 25 ppmvd. The Siemens V84.3A gas turbines proposed by BEP II are of an advanced design capable of achieving 8.4 ppmvd (at 15 percent O2) from 70 to 80 percent load, 5 ppmvd (at 15 percent O2) from 80 percent load to base‑load (or less at lower ambient temperatures), and 8.4 ppmvd (at 15 percent O2) at base load plus duct firing without the need for add-on controls. 

Recent gas turbine CO BACT determinations, including recommendations by USEPA and CARB have been reviewed (see Table 7.7-22).  As mentioned previously, recent BACT CO determinations for large gas turbine generators are between 2.0 ppmvd and 10.0 ppmvd.  CO emission levels proposed for BEP II using combustion control will meet BACT emission levels set forth by recent BACT decisions.

Summary of CO BACT Assessment

The proposed emission control technologies for BEP II are consistent with a Top‑Down BACT assessment and with approved BACT determinations made for BEP.  Consistent with recent BACT decisions, BEP II proposes 5 ppmvd (corrected to 15 percent O2) for CT loads greater than 80 percent and 8.4 ppmvd (corrected to 15 percent O2) for CT loads between 70 to 80 percent without duct firing and 100 percent load with duct firing, except during periods of startup, shutdown and malfunction, over a three-hour averaging time as a CO BACT emission limit.  BACT emission levels would be met by BEP II solely by advanced combustion control.  Contingencies would be made, however, in plant design to allow for the installation of an oxidation catalyst in the event that combustion control could not meet the demands of BACT.  The CO contingency would be realized through a condition of certification that mandates a HRSG design that would allow the retrofitted installation of an oxidation catalyst.

7.7.5.3.3
BACT Assessment of VOC Control Technologies

VOC is a precursor for ozone and PM10, which are non-attainment pollutants at the proposed facility location.  VOCs and trace organics are emitted from natural gas-fired turbines as a result of incomplete combustion of fuel and trace organics contained in pipeline-quality natural gas.

Review of the RBLC database and discussions with vendors resulted in identification of the following potential VOC control technologies for combined‑cycle turbines:

· SCONOX ™

· Use of an oxidizing catalyst

· Combustion control

SCONOx™

The SCONOX ™ system has the ability to also reduce VOC emissions. However, at this time, vendor guarantees regarding VOC emission reductions are not currently available, and this technology has not been achieved in practice for large gas turbines. Thus, it is not a viable BACT option for VOC for this project.

Oxidizing Catalyst

Oxidizing catalysts used for CO control have exhibited the ability to also reduce VOC emissions. The level of control has been noted as varying between five and 50 percent. For some specific VOCs, like formaldehyde, the control efficiency can be higher.

Combustion Control

Good combustion design and operation is the primary approach used to control VOC emissions from combustion sources and is considered BACT in the EPA RBLC database. The VOC controls, inherent in the design and operation of the unit, include the use of clean fuels, such as natural gas, and advanced process controls to maximize complete combustion and facilitate the best fuel efficiency. The proposed turbines will be 100 percent natural gas‑fired and designed with state‑of‑the‑art combustion controls to maximize conversion of natural gas to CO2 and H2O, and minimize production of CO and VOC. Based on evidence in the EPA RBLC, good combustion controls and the use of natural gas are considered to be BACT for VOC.

Gas turbine combustion technology has significantly improved over recent years with respect to CO emissions. The Siemens V84.3A gas turbines proposed for BEP II are of an advanced design capable of achieving 1 ppmvd (at 15 percent O2) from 80 to 100 percent load plus duct firing, without the need for add-on controls. 

Summary of VOC BACT Assessment

The proposed emission control technologies for BEP II are consistent with a Top‑Down BACT assessment and with approved BACT determinations made for BEP.  BEP II proposes to meet a VOC emission limit of 1 ppmvd (at 15 percent O2) over a one‑hour averaging period from 80 to 100 percent load plus duct firing as BACT. VOC emission levels consistent with BACT would be met by BEP II solely through combustion control.

7.7.5.3.4
BACT Assessment of PM10 Control Technologies

The EPA RBLC Clearinghouse identifies the use of natural gas as an exclusive fuel in combination with good combustion practices to minimize NOx and unburned hydrocarbon emissions as representing the most stringent control available for PM10. No post‑combustion controls were identified during this review.  The proposed emission control technologies for BEP II are consistent with a Top‑Down BACT assessment and with approved BACT determinations made for BEP.  BEP II will use pipeline‑quality natural gas, which has negligible ash and low sulfur content, and will employ state‑of‑the‑art combustion controls to maximize fuel efficiency and minimize production of NOx and carbonaceous particulates.  This is consistent with BACT for PM10 proposed by the CARB as the use of natural gas with a sulfur content of less than 1.0 gr/100 scf and good combustion controls.

Drift eliminators will be installed in the cooling tower as a means to reduce the amount of drift, i.e., water entrained as droplets in the exhaust air from the towers.  Performance (in terms of drift elimination rate) is generally a function of the device design.  These eliminators are static, physical devices that are installed within the equipment and performance is not controlled or monitored.

PM10 is a nonattainment pollutant at the proposed facility location.  Particulate will be emitted by the gas turbine generating systems due to fuel sulfur, inert trace contaminants, mercaptans in the fuel, dust drawn in from the ambient air, particulate of carbon, metals worn from the equipment while in operation, and hydrocarbons resulting from incomplete combustion.  The cooling tower will produce particulate emissions through particulate mist entrainment.

Combustion Turbines 

There has not been any add-on PM10 control systems developed for combustion turbines from the promulgation of the first NSPS for Stationary Turbines (40 CFR 60 Subpart GG, commencing with §60.330) in 1979 to the present.  The cost of installing such a device has been and continues to be prohibitive and performance standards for particulate control of stationary combustion turbines have not been proposed or promulgated by EPA.

The most stringent particulate control method for gas turbines is the use of low ash fuels such as natural gas.  No add-on control technologies are listed in the EPA BACT/LAER Clearinghouse, and only 37 of the 80 turbine listings have PM limits.  Combustion control and the use of low or zero ash fuel (such as natural gas) is the predominant control method listed for turbines with PM limits. 

Therefore, PM10 BACT for the BEP II is proposed to be the use a natural gas fuel with a sulfur content no greater than 0.5 grain per 100 scf, which is less than the 1 grain per 100 scf recommended by CARB.

The exclusive use of natural gas as fuel for BEP II is also being proposed as BACT for controlling trace metal emissions.

Cooling Tower 
The BEP II cooling tower will be equipped with mist eliminators guaranteed by the manufacturer to limit drift to 0.0006 percent.  The applicant proposes a total dissolved solid limit of 8,190 mg/l, and a maximum water circulation rate of 146,000 gpm.

7.7.5.3.5
BACT Assessment of Sulfur Oxide (SOX) Control Technologies

SOX is a precursor to PM10, and as such BACT must be addressed for this pollutant as well.  SOX is formed exclusively through the oxidation of sulfur present in the fuel.

The emission rate is a function of the efficiency of the source and the sulfur content of the fuel, since virtually all fuel sulfur is converted to SOX.  The gas turbines will be fired exclusively with natural gas which will contain no more than 0.5 grains of sulfur per 100 dry standard cubic feet by permit condition.

7.7.6
Offsets 

7.7.6.1
Emission Offset Requirements  

MDAQMD Regulation XIII – New Source Review requires offsets for non-attainment pollutants and their precursors emitted by new major stationary sources.  MDAQMD Rule 1303(B)(1) specifies offset threshold amounts for PM10 emissions and the offset threshold amounts for PM10 and ozone precursor emissions that include NOX (precursor of ozone and PM10), SOX (precursor of PM10), and VOC (precursor of ozone and PM10).  A new facility or modification of an existing facility that emits or has the potential to emit more than these offset thresholds must obtain offsets equal to the facility’s entire potential to emit.

BEP is a major source for NOX and PM10 and BEP emissions reduction credits (ERCs) were obtained for these pollutants at the time of permit issuance.  BEP II is defined as a major modification of BEP and therefore all net increases for NOX and PM10 related to BEP II must be entirely offset.  Furthermore, at the time of BEP permit issuance, BEP emissions for VOC and SOX did not exceed offset threshold values and, therefore, did not require offsets.   However, BEP II emissions, when combined with the annual emissions of BEP, will now exceed MDAQMD threshold limits for both VOC and SOX.  Hence, BEP II emission offsets will be required for the entire quantities of VOC and SOX emissions (i.e., BEP and BEP II).

Table 7.7-24 compares BEP and BEP II maximum predicted annual emissions and presents the offsets that will be required.  Annual BEP II emissions when combined with the annual emissions from BEP, will exceed the offset thresholds for NOX, VOC, SOX, and PM10.  These maximum annual emission rates include all applicable emissions, including emissions increases from proposed new permit units (turbines, duct burners, SCR, cooling tower, and fire pump).  For this analysis it is assumed that VOC is equivalent to ROC and SOX is oxidized entirely to SO2.

	TABLE 7.7-24

Maximum Annual Offset Emissions (tpy)

(California Nonattainment Pollutants)

	
	NOX
	VOC
	SOX
	PM10

	BEP Emissions
	202
	24
	24
	103

	BEP II Emissions
	1911
	24
	24
	561

	Total Annual Emissions
	394
	48
	48
	159

	Offsets Obtained for BEP
	202
	
	
	103

	Offsets Required for BEP II
	191
	48
	48
	56


1  See Section 7.7.4.4.2 for discussion of why BEP II NOX and PM10 emissions are lower than BEP.

7.7.6.2
Identified Emission Reduction Credits 

BEP II has identified several sources of NOX and PM10 ERCs in the Mojave Desert Air Basin (MDAB) to offset emissions of NOX, VOC, SOX, and PM10 emissions.  Because of the relative unavailability of SOX and VOC ERCs in the project area, BEP II proposes to use PM10 ERCs to offset SOX emissions at a 1:1 ratio; and to use NOX ERCs to offset VOC emissions at a 1:1 ratio.  

BEP II plans on purchasing banked NOX ERCs and road paving to generate PM10 ERCs.  BEP II is currently negotiating with sources with NOX ERCs, and plans to have executed option agreements or letters of intent in the near future.  The application of road paving to secure PM10 credits has been established by MDAQMD Rule 1305(B)1 and precedent.  BEP II has identified several unpaved roads in the region of the BEP II facility with sufficient traffic to generate PM10 credits.  A summary of confidential source NOX emission estimates and associated PM10 ERCs is presented in Table 7.7-25.  BEP II considers the identity of these sources to be confidential, for the purpose of negotiating the best price for ERCs.  A separate confidential filing will be made identifying the sources and the basis for the estimates.  The actual PM10 emission reductions expected for each of the unpaved roads is currently in process through the collection of traffic data, silt content, and moisture content.  Following the completion of traffic counts and soil analysis, final proposed ERC quantities will be calculated using AP-42 emission factors for unpaved roads and a formal emission offset package will be submitted to MDAQMD.

Based on the data presented in Table 7.7-25, the amount of NOX ERCs identified (950 tpy) is more than adequate to offset the total of BEP II NOX and VOC emissions (i.e., 191 + 48 = 239 tpy).  Similarly, the amount of PM10 ERCs identified (143.2 tpy) is sufficient to offset the total of BEP II PM10 and SOX emissions (i.e., 56 + 48 = 104 tpy).

BEP II will obtain sufficient valid Emission Reduction Credits for the turbines prior to the start of construction.  For NOX ERCs, this will be accomplished by contractual agreement with holders of sufficient ERCs.  For PM10 ERCs, this will be accomplished by obtaining permission to pave certain roads, as needed to meet the required amount of ERCs.

	TABLE 7.7-25

BEP II ERC Sources

	Sources of ERCs
	Pollutant Emissions Tons/Year

	
	NOX
	PM10

	Balance of Banked ERCs Remaining from BEP
	
	21.61

	Confidential Source 1 – Shutdown/modification
	400
	

	Confidential Source 2 - Shutdown/modification
	150
	

	Confidential Source 3 - Shutdown/modification
	~400
	

	Confidential Source 4 – Operational modification
	25
	

	Confidential Source 5 – road paving
	
	49.2

	Confidential Source 6 – road paving
	
	28.7

	Confidential Source 7 – road paving
	
	18.1

	Confidential Source 8 – road paving
	
	13.8

	Confidential Source 9 – road paving
	
	7.4

	Confidential Source 10 – road paving
	
	4.4

	Total ERCs Identified
	~975
	143.2


1 BEP has banked PM10 ERCs in the amount of 124.6 tpy, of which 103 are reserved for BEP emissions.  The remainder, 21.6 tpy, is available for BEP II.

7.7.7
Existing Air Quality Data 
Ambient air quality data was last measured in the Blythe area in 1992.  The air monitoring data most representative of the Blythe area has been collected at Twentynine Palms, located approximately 90 miles west-northwest of Blythe and is presented in Table 7.7-26.  The selection of the data from Twentynine Palms was based on the following criteria:

· Closest available monitoring station to the proposed the BEP II location;

· The station is in the same Air Basin and Air Quality Management District as the proposed BEP II site; 

· Proximity to Joshua Tree National Park; and

· Previously evaluated and approved for BEP by MDAQMD.

For evaluating impacts relative to the National and California Ambient Air Quality Standards (NAAQS and CAAQS), monitored background concentration values will be added to the modeled concentrations.

As there is no recent monitoring data for the Blythe area, the original BEP modeling analysis used Twentynine Palms monitoring data for estimated ambient background concentrations. Therefore it is proposed to use these same data for the BEP II modeling analysis.

The ozone and PM10 values in Table 7.7-26 are for the year 2000.  NO2 monitoring data for this site is not available after 1998 therefore these values are for the year 1998.  The CO and SO2 data are the maximum 1997 values which is the most recent year that these pollutants were monitored at this site.

	TABLE 7.7-26

Monitoring Data for Twentynine Palms

	Pollutant
	Period
	Concentration

	
	
	ppm
	g/m3

	NO2 
	1 Hour
	0.036
	67.7

	
	Annual Mean
	0.0086
	16.2

	CO
	1 Hour
	2
	2,280

	
	8 Hour Avg
	1
	1,440

	PM10 
	24 Hour
	---
	62

	
	Annual Mean
	---
	18.5

	SO2 
	3 Hour Avg
	0.004
	10.4

	
	24 Hour Avg
	0.002
	5.22

	
	Annual Mean
	0.0011
	2.87

	O3 
	1 Hour
	0.108
	212


Twentynine Palms is downwind of industrial and urban areas, particularly Victorville and Barstow and to a certain extent, the Los Angeles Basin.  Conversely, there are very few sources of industrial pollutants in the Blythe area.  Therefore, it is likely that ozone concentrations in the Blythe area are lower than those measured at Twentynine Palms.  An analysis of the trend of ambient ozone concentrations around Blythe was conducted in response to BEP data request 201 in August 2000, which confirmed this conclusion.  This analysis has been updated for year 2000 ambient air quality data and is included in Appendix 7.7- G. 

7.7.7.1
Attainment, Nonattainment, and Unclassifiable Area Designations 

The USEPA has established NAAQS for 03, NO2, CO, SO2, PM10, and airborne lead for the protection of public health and welfare. In general, if these NAAQS are exceeded in an area more than once a year, the area is designated a “non-attainment area” subject to planning and pollution control requirements that are more stringent than those in an area that is attaining the standards.  If the NAAQS are not exceeded, the area is designated “attainment.”  Both of these designations are based upon measured ambient concentrations of pollutants within an air basin. A designation of “unclassified/attainment” is assigned to an area where measured data does not exist but the regulating agency believes that the air quality status is in attainment based upon other data.  For regulatory purposes, an area designated as unclassified is considered attainment.  According to the criteria, the Blythe area has a Federal designation of unclassified/attainment for all pollutants (USEPA 1999).

In addition to the Federal standards, the CARB has established more stringent standards for ozone, CO, NO2, SO2, sulfates, PM10, airborne lead, hydrogen sulfide, and vinyl chloride at levels designed to protect the most sensitive members of the population. CARB carries out control program oversight activities, while local air pollution control districts have primary responsibility for air quality planning and enforcement.  According to the CAAQS, the Blythe area has a State of California “nonattainment” status for PM10 and O3, and an “attainment/unclassified” status for all other pollutants (CARB, 1999). 

The general area around the proposed facility location is within the Mojave Desert Air Basin.  Table 7.7-27 shows the local air quality designations for the criteria pollutants.

	TABLE 7.7-27

Local Air Quality Classifications 

	Pollutant
	State Designation
	Federal Designation

	NOX
	Attainment
	Unclassified

	CO
	Unclassified
	Unclassified

	PM10
	Nonattainment
	Unclassified

	SO2
	Attainment
	Unclassified

	O3
	Nonattainment
	Unclassified/Attainment


7.7.7.2
PSD Area Classifications 

The PSD requirements apply to all major stationary source permitting in areas where air quality is acceptable, unclassified or unclassified/attainment.  The PSD requirements provide for a system of area classifications which affords States an opportunity to identify local land use goals.  There are three area classifications.  Each classification differs in terms of the amount of growth it will permit before significant air quality deterioration would be deemed to occur.  Class I areas have the smallest increments and thus only a small degree of air quality deterioration.  Class II areas can accommodate normal well-managed industrial growth.  Class III areas have the largest increments and thereby provide for a larger amount of development than either Class I or Class II areas.  The nearest Class I area to the Blythe Energy Project is the Joshua Tree National Park which is approximately 60 miles to the northwest.  The area surrounding the proposed Blythe Energy Project site is classified as Class II.

7.7.8
Dispersion Modeling Analysis 
Projected compliance with air quality standards has been determined using dispersion modeling. The dispersion modeling protocol in Appendix 7.7-H describes the details of this analysis.  Samples of the Industrial Source Complex Short Term (ISCST356) input files and copies of the Building Profile Input Program (BPIP) input and output files are in Appendix 7.7-I.  In addition, electronic copies of the ISCST356 and BPIP input files are provided.
7.7.8.1
Meteorological Analysis 

7.7.8.1.1  Temperature, Precipitation and Humidity 

The climate of Blythe is typical of a desert region with minimal precipitation, evaporation greatly exceeding precipitation, hot temperatures with a wide daily temperature range, and low relative humidity. The average annual precipitation is only 3.7 inches and the annual evaporation is 110 inches.  Evaporation data is presented for Yuma, Arizona because data does not exist for the Blythe area. Yuma is the closest location where evaporation data has been collected and Yuma is within the same meteorological regime as Blythe.  Approximately 42 percent of precipitation occurs from December through March, and is associated with winter storms from the Pacific Ocean.  Another 25 percent occurs in July and August, associated with the “monsoonal” flow of moisture from the Pacific Ocean and the Gulf of California.  Precipitation exceeds 0.01 inches for only 18 days in an average year.  The precipitation and temperature climatology of Blythe, recorded at the Blythe Airport adjacent to the proposed BEP II, is shown on Tables 7.7-28 and 7.7-29.

	TABLE 7.7-28

Blythe Airport Temperature and Humidity - Climatological Period of Record 

1948-2000

	Month
	Average

Max Temp.

(°F)
	Average Min Temp

(°F)
	Average Mean Temp

(°F)
	Extreme Max Temp

(°F)
	Extreme Min Temp

(°F)
	Average Number of Days Temp Above 90°F
	Morning

(10 AM) Relative Humidity

(%)
	Evening

(10 PM) Relative Humidity

(%)

	January
	66.5
	41.4
	54.0
	89
	20
	0.0
	40
	48

	February
	72.1
	45.5
	58.8
	93
	22
	0.2
	35
	46

	March
	78.3
	50.0
	64.1
	100
	30
	2.7
	30
	41

	April
	86.5
	56.6
	71.6
	107
	38
	11.8
	25
	35

	May
	94.9
	64.2
	79.5
	114
	43
	23.4
	23
	32

	June
	104.4
	72.6
	88.5
	123
	46
	28.8
	22
	29

	July
	108.3
	80.8
	94.6
	123
	62
	30.9
	32
	38

	August
	106.6
	80.2
	93.4
	120
	62
	30.6
	35
	42

	September
	101.3
	73.1
	87.2
	121
	53
	28.4
	35
	44

	October
	89.8
	60.8
	75.3
	111
	27
	17.7
	32
	43

	November
	75.7
	48.4
	62.0
	95
	27
	0.7
	34
	48

	December
	66.7
	41.3
	54.0
	87
	24
	0
	41
	52

	Annual Average
	87.6
	59.6
	73.6
	-
	-
	175.3
	32
	42


	TABLE 7.7-29

Blythe Airport Precipitation - Climatological Period of Record 1948-2000 

	Month
	Monthly Average

Precip.

(inches)
	Monthly Average Evaporation

(inches)
	Monthly Maximum

Precip.

(inches)
	24-Hour Maximum

Precip.

(inches)
	Average Number of Days Precip.

Greater Than 0.01 inches
	Average Number of Days Precip.

Greater Than 0.10 inches
	Snowfall

(inches)

	January
	0.48
	3.8
	2.48
	1.64
	3
	1
	0

	February
	0.40
	4.8
	3.03
	1.66
	2
	1
	0

	March
	0.34
	7.7
	2.15
	1.04
	2
	1
	0

	April
	0.18
	10.1
	3.00
	2.67
	1
	0
	0

	May
	0.02
	13.0
	0.22
	0.22
	0
	0
	0

	June
	0.02
	14.4
	0.91
	0.91
	0
	0
	0

	July
	0.27
	15.5
	2.44
	1.40
	2
	1
	0

	August
	0.68
	13.7
	5.92
	3.00
	2
	1
	0

	September
	0.38
	10.8
	2.14
	1.90
	1
	1
	0

	October
	0.26
	7.8
	1.89
	1.61
	1
	1
	0

	November
	0.19
	4.8
	1.84
	0.95
	1
	0
	0

	December
	0.44
	3.6
	3.33
	1.42
	2
	1
	0

	Annual Average
	3.65
	110.0
	--
	--
	18
	8
	0


Source:
Western Regional Climate Center, Reno, NV.  Internet  www.wrcc.dri.edu  September, 1999.

1
Evaporation for Yuma, AZ. Period of Record (1920-1998). Source: California Department of Water Resources, July, 1999.

7.7.8.1.2  Wind 

Wind patterns in the area of the project site are presented for 1989 through 1993 from data collected at the Southern California Edison (SoCal Edison) meteorological station located near the southwestern edge of Blythe. This station was set up to collect data in support of the design of electricity transmission facilities for SoCal Edison.  The site is visually inspected every three months.  Every six months the following parameters are checked and calibrated using standard industry procedures and calibration references:

· Temperature

· Average and vector speed (using spinning procedure)

· Wind direction (torque check and potentiometer is checked for noise)

· Solar radiation

In addition, wind speed bearings are checked once per year.

The data are collected and validated daily using software, and a validation report is prepared.  If a problem is detected during this process, the station is inspected and necessary repairs are made within one or two days of detection.

Figure 7.7-4 presents the windrose for the five-year distribution of wind velocity for 1989-1993.  A bi-modal wind direction distribution is apparent for the summary with maxima from the northeast and southwest.  This bi-modal circulation pattern is influenced primarily by the southwest-northeast orientation of the nearby Colorado River Valley.  This pattern is highly seasonable.  Figures 7.7-5 through 7.7-8 present seasonal windrose data, and indicate that the wind direction is predominantly from the southwest from April through September, and predominantly from the northeast the remainder of the year.  The winds are calm approximately 15 percent of the time.

7.7.8.1.3  Mixing Height 

The mixing height is the elevation above the surface to which pollutants can be dispersed.  When the mixing height is low, the plume from a pollutant source may not rise to its full buoyant plume height, thus resulting in higher pollutant concentrations at the surface.  A higher mixing height allows the pollutant plume to rise higher and generally results in lower pollutant concentrations at the surface.  The mixing height data for the Blythe area were obtained from the upper air data from Desert Rock, Nevada, approximately 30 miles west of Las Vegas.  The average monthly mixing heights range from about 800 meters above ground level during winter to near 3,000 meters in the summer.  Table 7.7-30 shows the monthly average morning and evening mixing heights, along with the standard deviation of the heights, for each month of the year for the period of modeling from 1989 through 1993.

	TABLE 7.7-30

Desert Rock Monthly Average Mixing Heights (Period of Record 1989-1993)

	Month
	Average Mixing Height (meters)
	Mixing Height Std Deviation

(meters)

	January
	946
	546

	February
	1393
	720

	March
	1800
	865

	April
	2375
	974

	May
	2569
	1073

	June
	2857
	1140

	July
	2930
	1208

	August
	2876
	1123

	September
	2564
	1040

	October
	1903
	909

	November
	1209
	623

	December
	877
	507


7.7.8.2
Dispersion Modeling Protocol 

A revised modeling protocol (see Appendix 7.7-H), based on BEP II emissions data presented in this document, was submitted to MDAQMD and US EPA Region IX in January 2001.

7.7.8.3
Cumulative and Background Sources 

As discussed in the Section 4.0 of the Modeling Protocol, there are no sources in the area that would meet the cumulative source criteria.  In order to account for additional background, the Southern California Gas (SoCal Gas) Compressor Station in Blythe was added to the dispersion modeling analysis.  The area was researched for other sources, such as large stationary agricultural internal combustion engines, or other stationary sources, however, none were located within a 10 km radius of the proposed site. Since the SoCal Gas facility was within the modeling receptor grid, receptor points that fell inside the SoCal Gas property were not included in the modeling.

7.7.8.4
Ambient Air Quality Standards 

Both state and national air quality standards consist of two parts: an allowable concentration of a pollutant and an averaging time over which the concentration is to be measured. Allowable concentrations are based on the results of studies of the effects of the pollutants on human health, crops and vegetation. The averaging times are based on whether the effect of the pollutant is more likely to occur during exposures to a high concentration for a short time (one hour, for instance), or to a relatively lower average concentration over a longer period (eight hours, 24 hours, or one year). For some pollutants there is more than one air quality standard, reflecting both its short-term and long-term effects. The California ambient air quality standards are equally or more stringent than the federal standards for the same pollutant/averaging time.  Table 7.7-31 presents the CAAQS and NAAQS for pollutants associated with BEP II.

	TABLE 7.7-31

Ambient Air Quality Standards 

	Pollutant
	Averaging Time
	CAAQS

(g/m3)
	NAAQS

(g/m3)
	PSD

Class I

Increment

(g/m3)
	PSD

Class II

Increment

(g/m3)
	Monitoring Significant Impact

(g/m3)
	Class II Significant Impact

(g/m3)

	NOX
	1 hr
	470
	---
	---
	---
	---
	---

	
	Annual
	---
	100
	2.5
	25
	14
	1

	CO
	1 hr
	23,000
	40,000
	---
	---
	---
	2,000

	
	8 hr
	10,000
	10,000
	---
	---
	575
	500

	PM10
	24 hr
	50
	150
	8
	30
	10
	5

	
	Annual
	30
	50
	4
	17
	---
	1

	SO2
	1 hr
	655
	---
	---
	---
	---
	---

	
	3 hr
	---
	1,300
	25
	512
	---
	25

	
	24 hr
	105
	365
	5
	91
	13
	5

	
	Annual
	---
	80
	---
	---
	---
	1


7.7.8.5
Dispersion Modeling Results 

The results of the dispersion modeling demonstrate that National or California ambient air quality standards would not be violated by BEP II, except in those cases where the standards are already exceeded (e.g., area is presently non-attainment for CAAQS PM10).  In addition, there would not be exceedances of the PSD Class II increments, or the PSD Class I increment at Joshua Tree.  The resulting ambient concentrations from the BEP II are shown on Table 7.7-32.  Cumulative source impacts, that is, including all emission sources at BEP II, BEP, and the SoCal Gas Compressor Station facility are presented in Tables 7.7-33-A and 7.7-33-B. Figures 7.7-9 through 7.7-17 present graphic representations of the analysis for the combined BEP and BEP II impacts.  Table 7.7-33-C presents air quality impacts from just the four CT/HRSGs at BEP and BEP II; these impacts do not include the emergency fire pump diesel engines and are most representative of reasonable “worst case” conditions of the plants operating at maximum capacity.  Refer to Appendix 7.7-A for sample calculations and sample model inputs.

	TABLE 7.7-32

Modeled Maximum Ambient Air Impacts Within Analysis Area 

(BEP II Impacts Only)

	Pollutant
	Period
	Class I Impact

(µg/m3)
	Class II Impact

(µg/m3)
	Relative to Class I Increments

(%)
	Relative to Class II Increments

(%)
	Relative to SMC1 Stds

(%)
	Relative to Class II Significant Impacts

(%)

	NO2
	1 hr
	N/A2
	182
	N/A
	N/A 
	N/A 
	N/A 

	
	Annual
	0.009
	0.29
	0.4%
	1.2%
	2.1%
	29.3%

	CO
	1 hr
	N/A
	153
	N/A
	N/A
	N/A
	7.6%

	
	8 hr
	N/A
	28
	N/A
	N/A
	4.9%
	5.6%

	PM10
	24 hr
	0.078
	1.16
	1.0%
	3.9%
	11.6%
	23.3%

	
	Annual
	0.005
	0.08
	0.1%
	0.5%
	N/A
	8.1%

	SO2
	1 hr
	N/A
	12.2
	N/A
	N/A
	N/A
	N/A

	
	3 hr
	0.082
	5.97
	0.3%
	1.2%
	N/A
	23.9%

	
	24 hr
	0.016
	0.77
	0.3%
	0.8%
	5.9%
	15.4%

	
	Annual
	0.001
	0.02
	N/A
	N/A
	N/A
	2.2%


1  SMC = Significant Monitoring Concentration.

2  N/A = Not applicable; no such standard exists.

	TABLE 7.7-32

Modeled Maximum Ambient Air Impacts Within Analysis Area 

(BEP II Impacts Only)

	Pollutant
	Period
	Class I Impact

(µg/m3)
	Class II Impact

(µg/m3)
	Relative to Class I Increments

(%)
	Relative to Class II Increments

(%)
	Relative to SMC1 Stds

(%)
	Relative to Class II Significant Impacts

(%)

	NO2
	1 hr
	N/A2
	205.6
	N/A
	N/A 
	N/A 
	N/A 

	
	Annual
	0.009
	0.827
	0.4%
	3.3%
	5.9%
	82.7%

	CO
	1 hr
	N/A
	128.8
	N/A
	N/A
	N/A
	6.4%

	
	8 hr
	N/A
	51.0
	N/A
	N/A
	8.9%
	10.2%

	PM10
	24 hr
	0.078
	0.9942
	1.0%
	3.3%
	9.9%
	19.9%

	
	Annual
	0.005
	0.126
	0.1%
	0.7%
	N/A
	12.6%

	SO2
	1 hr
	N/A
	17.697
	N/A
	N/A
	N/A
	N/A

	
	3 hr
	0.082
	12.303
	0.3%
	2.4%
	N/A
	49.2%

	
	24 hr
	0.016
	1.776
	0.3%
	2.0%
	13.7%
	35.5%

	
	Annual
	0.001
	0.022
	N/A
	N/A
	N/A
	2.2%


	TABLE 7.7-33-A

Modeled Maximum Ambient Air Impacts Within Analysis Area BEP and BEP II Facility Impacts

	Pollutant
	Period
	CAAQS

(g/m3)
	Background

(µg/m3)
	BEP and BEP II  Facility Impact

(µg/m3)
	Predicted Ambient Concentration

(µg/m3)
	Relative to CA Standards

(%)
	Relative to EPA Standards

(%)

	NO2
	1 hr
	470
	68
	183
	251
	53.4%
	N/A 

	
	Annual
	---
	16.2
	0.7
	16.9
	 N/A1 
	16.9%

	CO
	1 hr
	23,000
	2280
	204
	2484
	10.8%
	6.2%

	
	8 hr
	10,000
	1140
	80
	1220
	12.2%
	12.2%

	PM10
	24 hr
	50
	62
	2.4
	64.4
	128.9%
	43.0%

	
	Annual
	30
	18.5
	0.4
	18.9
	63.0%
	37.8%

	SO2
	1 hr
	655
	7.8
	12.2
	20.0
	3.0%
	N/A  

	
	3 hr
	---
	10.4
	6.1
	16.5
	 N/A 
	1.3%

	
	24 hr
	105
	5.2
	0.83
	6.03
	5.7%
	1.7%

	
	Annual
	---
	2.9
	0.04
	2.94
	N/A  
	3.7%


1  N/A = Not applicable; no such standard exists

2  Area is non-attainment for CAAQS PM10.  Even with no project emissions considered, background is 124% of standard.  Mitigation consists of offsetting project emissions.

	TABLE 7.7-33-A

Modeled Maximum Ambient Air Impacts Within Analysis Area BEP and BEP II Facility Impacts

	Pollutant
	Period
	CAAQS

(g/m3)
	Background

(µg/m3)
	BEP and BEP II  Facility Impact

(µg/m3)
	Predicted Ambient Concentration

(µg/m3)
	Relative to CA Standards

(%)
	Relative to EPA Standards

(%)

	NO2
	1 hr
	470
	68
	226.0
	294.0
	62.6%
	N/A 

	
	Annual
	---
	16.2
	1.018
	17.218
	 N/A1 
	17.2%

	CO
	1 hr
	23,000
	2280
	162.4
	2442.4
	10.6%
	6.1%

	
	8 hr
	10,000
	1140
	61.7
	1201.7
	12.0%
	12.0%

	PM10
	24 hr
	50
	62
	1.8302
	63.8302
	127.7%2
	42.6%

	
	Annual
	30
	18.5
	0.271
	18.771
	62.6%
	37.5%

	SO2
	1 hr
	655
	7.8
	19.991
	27.791
	4.2%
	N/A  

	
	3 hr
	---
	10.4
	14.672
	25.072
	 N/A 
	1.9%

	
	24 hr
	105
	5.2
	2.341
	7.541
	7.2%
	2.1%

	
	Annual
	---
	2.9
	0.044
	2.944
	N/A  
	3.7%


	TABLE 7.7-33-B

Modeled Maximum Ambient Air Impacts Within Analysis Area 

Cumulative Source Impacts (BEP II, BEP, and SoCal Gas Compressor Station)

	Pollutant
	Period
	CAAQS

(µg/m3)
	Background

(µg/m3)
	Cumulative Impact (µg/m3)
	Predicted Ambient Concentration

(µg/m3)
	Relative to CA Standards

(%)
	Relative to EPA Standards

(%)

	NOX
	1 hr
	470
	68
	365
	433
	92.1%
	N/A1   

	
	Annual
	---
	16.2
	4.9
	21.1
	N/A   
	21.1%

	CO
	1 hr
	23,000
	2280
	726
	3006
	13.1%
	7.5%

	
	8 hr
	10,000
	1140
	361
	1501
	15.0%
	15.0%

	PM10
	24 hr
	50
	62
	35.4
	97.4
	194.8%2
	64.9%

	
	Annual
	30
	18.5
	3.7
	22.2
	74.0%
	44.4%

	SO2
	1 hr
	655
	7.8
	12.2
	20.0
	3.0%
	N/A   

	
	3 hr
	---
	10.4
	6.1
	16.5
	 N/A  
	1.3%

	
	24 hr
	105
	5.2
	0.83
	6.03
	5.7%
	1.7%

	
	Annual
	---
	2.9
	0.05
	2.95
	 N/A  
	3.7%


1  N/A = Not applicable; no such standard exists

2  Area is non-attainment for CAAQS PM10.  Even with no project emissions considered, background is 124% of standard.  Mitigation consists of offsetting project emissions.

	TABLE 7.7-33-B

Modeled Maximum Ambient Air Impacts Within Analysis Area 

Cumulative Source Impacts (BEP II, BEP, and SoCal Gas Compressor Station)

	Pollutant
	Period
	CAAQS

(µg/m3)
	Background

(µg/m3)
	Cumulative Impact (µg/m3)
	Predicted Ambient Concentration

(µg/m3)
	Relative to CA Standards

(%)
	Relative to EPA Standards

(%)

	NOX
	1 hr
	470
	68
	364.7
	432.7
	92.1%
	N/A1   

	
	Annual
	---
	16.2
	5.666
	21.866
	N/A   
	21.9%

	CO
	1 hr
	23,000
	2280
	726.4
	3006.4
	13.1%
	7.5%

	
	8 hr
	10,000
	1140
	361.1
	1501.1
	15.0%
	15.0%

	PM10
	24 hr
	50
	62
	35.4183
	97.4183
	194.8%2
	64.9%

	
	Annual
	30
	18.5
	3.705
	22.205
	74.0%
	44.4%

	SO2
	1 hr
	655
	7.8
	19.991
	27.791
	4.2%
	N/A   

	
	3 hr
	---
	10.4
	14.672
	25.072
	 N/A  
	1.9%

	
	24 hr
	105
	5.2
	2.341
	7.541
	7.2%
	2.1%

	
	Annual
	---
	2.9
	0.054
	2.954
	 N/A  
	3.7%


	TABLE 7.7-33-C

Modeled Maximum Ambient Air Impacts Within Analysis Area 

CT/HRSG and Cooling Tower Source Impacts (BEP II, BEP)

	Pollutant
	Period
	CAAQS

(µg/m3)
	Background

(µg/m3)
	Cumulative Impact (µg/m3)
	Predicted Ambient Concentration

(µg/m3)
	Relative to CA Standards

(%)
	Relative to EPA Standards

(%)

	NOX
	1 hr
	470
	68
	173
	241
	51.3%
	N/A1   

	
	Annual
	---
	16.2
	0.4
	16.6
	N/A   
	16.6%

	CO
	1 hr
	23,000
	2280
	201
	2481
	10.8%
	6.2%

	
	8 hr
	10,000
	1140
	77
	1217
	12.2%
	12.2%

	PM10
	24 hr
	50
	62
	2.4
	64.4
	128.8%2
	42.9%

	
	Annual
	30
	18.5
	0.4
	18.9
	63.0%
	37.8%

	SO2
	1 hr
	655
	7.8
	4.5
	12.3
	1.9%
	N/A

	
	3 hr
	---
	10.4
	2.9
	13.3
	 N/A  
	1.0%

	
	24 hr
	105
	5.2
	0.65
	5.85
	5.6%
	1.6%

	
	Annual
	---
	2.9
	0.04
	2.94
	 N/A  
	3.7%


1  N/A = Not applicable; no such standard exists

2  Area is non-attainment for CAAQS PM10.  Even with no project emissions considered, background is 124% of standard.  Mitigation consists of offsetting project emissions.

7.7.8.6
Visibility and Acid Deposition Impacts at Joshua Tree

The EPA model CALPUFF was used to predict visibility and deposition impacts at Joshua Tree National Park from BEP II NOX, SO2, and PM10 emissions.  Table 7.7-34 presents the results of the visibility modeling and Table 7.7-35 presents the results of the deposition modeling at Joshua Tree National Park.  These results demonstrate that no changes in extinction greater than five percent are predicted using meteorological data for the five-year period of 1993 through 1997.  The complete CALPUFF analysis is included in Appendix 7.7-J.

	TABLE 7.7-34

Visibility Impacts at Joshua Tree National Park

	Year
	24-Hour Visibility Impact

(Mm-1)
	Change in Extinction (percent)

	1993
	0.529
	3.36

	1994
	0.681
	4.32

	1995
	0.608
	3.85

	1996
	0.560
	3.55

	1997
	0.668
	4.24


	TABLE 7.7-35

Deposition Impacts at Joshua Tree National Park

	Pollutant
	24-Hour Deposition (kg/hectare)
	Annual Deposition (kg/hectare)

	  Total Nitrogen
	0.00197
	0.0273

	  Total Sulfur
	0.0000759
	0.0016


7.7.8.7
Construction Impacts 

7.7.8.7.1  PM10 Impacts 

PM10 impacts from construction activities were estimated using ISCST3 for tailpipe emissions and the Fugitive Dust Model (FDM) for fugitive dust emissions.  The estimated ambient impacts are quite conservative since the maximum ISCST3 and FDM impacts were added together to represent the BEP II construction impacts without regard to impact location or estimated date of impact.  These impacts were assessed using the meteorological data for the years 1990-1993.

Table 7.7-36 presents the results of this analysis.  Twenty-four hour impacts were assessed using the emission rate for the month of maximum activity and annual impacts were assessed using the average emissions for the construction period.  Four point sources and one area source were used in the model.  The area source used for the fugitive dust modeling was modeled with a 50 meter buffer inside the facility’s fence line receptor ring.  This source was also given a 2 meter release height.  The rector grid was the same as was used for the ISCST3 modeling though it was truncated down to less than 1200 receptors as required by the FDM model.  Electronic copies of the modeling files have been provided on a CD in Appendix 7.7-K.  These impacts indicate that there should be no exceedances of the PM10 CAAQS from construction activity fugitive dust emissions.

	TABLE 7.7-36

Construction Fugitive And Tailpipe PM10 Impacts 

	Met Data Year
	24-Hour Maximum (µg/m3)1
	Annual Maximum (µg/m3)2

	1990
	101.9
	12.8

	1991
	99.2
	15.0

	1992
	92.4
	15.8

	1993
	98.2
	15.9


1  PM10 hourly standard: 50 (µg/m3)
2  PM10 annual standard: 30 (µg/m3)
7.7.8.7.2  NOX, CO, and SO2 Impacts 

Table 7.7-37 presents the results of the dispersion modeling analysis of construction NOX, CO, and SO2 emissions.  Samples of the model input files are presented in Appendix 7.7-L.

	TABLE 7.7-37

Construction Tailpipe NOX, CO, and SO2 Impacts 

	Pollutant
	Averaging Period
	CAAQS
	Maximum Impact

(µg/m3)

	NO2
	1-hour
	470
	259

	
	Annual
	---
	47.8

	CO
	1-hour
	23,000
	624

	
	8-hour
	10,000
	309

	SO2
	3-hour
	---
	139

	
	24-hour
	105
	54.5

	
	Annual
	---
	4.57


CAAQS:  California Ambient Air Quality Standards

7.7.8.8
Deposition Modeling 

Modeled maximum annual ambient concentrations of PM10 were used to estimate annual deposition.  These results were multiplied by a settling velocity of 0.02 m/s to predict deposition.  The maximum annual PM10 impact from the BEP and BEP II cooling towers and the BEP evaporative condenser was estimated to be 0.4 (g/m3 and it was assumed that this full amount would be deposited on the ground.  Based on these assumptions, the maximum deposition from the cooling towers and evaporative condenser are estimated to be 0.25 g/m2-yr.

7.7.8.9
Fumigation Analysis 

Fumigation occurs when a plume embedded in an inversion layer encounters rising turbulence, causing a rapid breakup of the plume.  The vertical dispersion becomes uniform from the ground to top of plume.  High short-term ground-level concentrations result. The CT/HRSGs were examined for fumigation impacts using the SCREEN3 model.  These modeling runs are presented in Appendix 7.7-M.

The emission rates for both CT/HRSGs were combined and modeled as if they were emitted from a single CT/HRSG.  All pollutants and normal operating conditions were examined.  The resulting fumigation impacts are compared to the maximum predicted ISCST3 impacts and these results are presented in Table 7.7-38.

	TABLE 7.7-38

BEP II Fumigation Impacts 

	Pollutant
	Averaging Period
	Fumigation Impact (µg/m3)
	ISCST3 Impact

(µg/m3)

	NO2
	1-hour
	112
	188.5

	
	Annual
	0.75
	0.299

	CO
	1-hour
	47.6
	128.8

	
	8-hour
	31.4
	38.9

	PM10
	24-hour
	20.6
	1.422

	
	Annual
	0.37
	0.133

	SO2
	1-hour
	10.7
	9.717

	
	3-hour
	9.65
	6.661

	
	24-hour
	4.29
	0.641

	
	Annual
	0.10
	0.027


7.7.8.10
Commissioning Impacts 

The commissioning (initial tuning) of the BEP II CTs is expected to last from two to four months.  This period of operation is important to ensure that the gas turbines are running effectively prior to beginning extended base load operations.  The commissioning schedule requires a specific sequence of events and tests to take place prior to base load operations.   Appendix 7.7-N presents a general schedule and the raw data and emissions that were used to assess ambient impacts that may occur during this commissioning period.

Only NOX and CO were estimated and modeled since these are the only criteria pollutants that will be elevated during the commissioning phase.  The BEP CT/HRSGs were modeled with normal emissions (as were used in the cumulative source impact analysis), and the BEP II CT/HRSGs were modeled for commissioning emissions.  Table 7.7-39 presents the proposed emissions for a 120 day commissioning period, and Table 7.7-40 presents the results of the modeling analysis of these emissions.

	TABLE 7.7-39

Proposed BEP II Facility Commissioning NOX, and CO Emissions 

	Pollutant
	Averaging Period
	Maximum Emissions

(μg/m3)

	NOX
	1-hour
	1,671 lbs

	
	24-hour
	22,000 lbs

	
	Annual
	456 tons

	CO
	1-hour
	2,974 lbs

	
	24-hour
	44,000 lbs

	
	Annual
	667 tons


	TABLE 7.7-40

Maximum Commissioning NOX, and CO Impacts 

	Pollutant
	Averaging Period
	Estimated Impact

(μg/m3)
	Background

(μg/m3)
	Maximum Impact

(μg/m3)

	NOX
	1-hour
	205
	68
	273

	
	Annual
	0.9
	16.2
	17.1

	CO
	1-hour
	1,877
	2,280
	4,157

	
	8-hour
	394
	1,140
	1,534


7.7.9
Proposed Conditions Of Certification
A sample of the proposed conditions of certification, relative to air quality, is presented in this section.  The proposed conditions, as presented, are modified from CEC proposed conditions of certification for BEP and are modified to reflect BEP II specific factors.  Modifications of the BEP conditions of certification are presented as strike through edits.

7.7.9.1 Conditions Of Certification

AQ-C1 Prior to breaking ground at the project site, the, the project owner shall prepare a Fugitive Dust Mitigation Plan (FDMP).  The FDMP will specifically identify fugitive dust mitigation measures that will be employed for the construction of the Blythe Energy Project BEP II and related facilities. The FDMP shall specifically identify measures to limit fugitive dust emissions from construction of the project site and linear facilities. Measures that should be addressed include the following:

1. The identification of the employee parking area(s) and the surface composition of those parking area(s);

2. The frequency of watering of unpaved roads and disturbed areas;

3. The application of chemical dust suppressants;

4. The use of gravel in high traffic areas;

5. The use of paved access aprons;

6. The use of posted speed limit signs;

7. The use of wheel washing areas prior to large trucks leaving the project site; and,

8. The methods that will be used to clean up mud and dirt that has been tracked-out from the project site onto public roads.

Verification: At least thirty (30) days prior to breaking ground at the project site, the project owner shall provide the CEC Compliance Project Manager (CPM) with a copy of the FDMP for approval. Ground breaking shall not commence until the project owner receives written approval of the FDMP from the CPM.

AQ-C2 The project owner shall require as a condition of its construction contracts that all contractors/subcontractors ensure that all heavy earthmoving equipment, including but not limited to bulldozers, backhoes, compactors, loaders, motor graders, trenchers, cranes, dump trucks and other heavy duty construction related trucks, have been properly maintained and the engines tuned to the engine manufacturer s specifications. The project owner shall further require as a condition of its construction contracts, that all heavy construction equipment shall not remain running at idle for more than 5 minutes, to the extent practical.

Verification: The project owner shall submit to the CPM, via the Monthly Compliance Report, a list of all heavy equipment used on site during that month including the owner of that equipment responsible for its maintenance and a letter from each owner indicating that the heavy equipment in question is properly maintained and tuned to manufacturer s specifications. The project owner shall maintain construction contracts on-site for six months following the start of commercial operation.

AQ-C3 During an initial commissioning period of no more than 120 days, commencing with the first firing of fuel in this equipment, NOX, CO, VOC and ammonia concentration limits shall not apply. The project owner shall minimize emissions of NOX, CO, VOC and ammonia to the maximum extent possible during the initial commissioning period.

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report.

AQ-C4 The project owner shall submit a commissioning plan to the District and the CEC at least four weeks prior to the first firing of fuel in this equipment. The commissioning plan shall describe the procedures to be followed during the commissioning of the CTGs, HRSGs and steam turbine. The commissioning plan shall include a description of each commissioning activity, the anticipated duration of each activity in hours, and the purpose of the activity. The activities described shall include, but not be limited to, the timing of the dry low NOX combustors, the installation and testing of the CEMS, and any activities requiring the firing of the CTGs and HRSGs without abatement by an SCR system. 

Verification: At least four (4) weeks prior to the first firing of natural gas in either turbine, the project owner shall submit a detailed Initial Commissioning Plan to the District and the CPM. This plan should provide detailed technical information regarding initial commissioning in a format that facilitates technical verification.

AQ-C5 The project owner shall tune each CTG and HRSG to minimize emissions of criteria pollutants at the earliest feasible opportunity in accordance with the recommendations of the equipment manufacturers and the construction contractor.

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report.

AQ-C6 The project owner shall install, adjust and operate each SCR system to minimize emissions of NOX from the CTG and HRSG at the earliest feasible opportunity in accordance with the recommendations of the equipment manufacturers and the construction contractor. The NOX and ammonia concentration limits shall apply coincident with the steady state operation of the SCR systems.

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report.

AQ-C7 The total number of firing hours of each CTG and HRSG without abatement of NOX by the SCR shall not exceed 350 hours during the initial commissioning period. Such operation without NOX abatement shall be limited to discrete commissioning activities that can only be properly executed without the SCR system in place and operating. Upon completion of these activities, the project owner shall provide written notice to the District and CEC and the unused balance of the unabated firing hours shall expire.

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report.

AQ-C8 During a period that includes a portion of the initial commissioning period, emissions from this facility shall not exceed the following emission limits (verified by CEMS):

a. CO — 421 tons/year (rolling 12 month summary), 44,000 pounds/calendar day and 2000 pounds/hour

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report. In addition, after the end of the initial commissioning period the project owner shall continue to report the above data in the Quarter Operations Report for as long as the monitoring period includes a portion of the initial commissioning period.

AQ-C9 During a period that includes a portion of the initial commissioning period, prior to the steady state operation of the SCR system, emissions from this facility shall not exceed the following emission limits (verified by CEMS):

b. NOX — 273 tons/year (rolling 12 month summary), 22,000 pounds/calendar day and 1000 pounds/hour 

Verification: During the initial commissioning period, the project owner shall submit a detailed record of all commissioning activities in the Monthly Compliance Report. In addition, after the end of the initial commissioning period the project owner shall continue to report the above data in the Quarter Operations Report for as long as the monitoring period includes a portion of the initial commissioning period.

AQ-C10 Within sixty (60) days after achieving the maximum firing rate at which each turbine will be operated, but not later than 180 days after the first firing of fuel in each turbine, the operator shall perform an initial compliance test. This test shall demonstrate that each turbine is capable of operation at 100%load in compliance with the emission limits in AQ-5. The results of the initial compliance test shall be used to prepare a supplemental health risk analysis. The initial compliance test shall include tests for the following.

c. Formaldehyde;

d. Certification of CEMS and CERMS (or stack gas flow calculation method) at 100% load, startup modes and shutdown mode;

e. Characterization of cold startup VOC emissions;

f. Characterization of warm startup VOC emissions;

g. Characterization of hot startup VOC emissions; and

h. Characterization of shutdown VOC emissions.

Verification: Within sixty (60) days of achieving the maximum firing rate at which the facility will be operated, but not later than 180 days after the first firing of fuel in each turbine, the project owner shall perform an Initial Compliance Test.  The results of this test and a supplemental health risk analysis shall be submitted to the District and the CPM within thirty (30) days.

AQ-1 The project owner shall submit to the Mojave Desert Air Pollution Control District (District) Air Pollution Control Officer (APCO), the United States Environmental Protection Agency (EPA) Region IX and the California Energy Commission (CEC) a Quarterly Operations Report for the preceding calendar quarter by January 30, April 30, July 30 and October 30 of each year this permit is in effect. Each January 30 submittal shall include a summary of the reported information for the previous year. This information shall be maintained on site for a minimum of five (5) years and shall be provided to District or CEC personnel on request.

Verification: The project owner shall submit a Quarterly Operations Report for the preceding calendar quarter by January 30, April 30, July 30 and October 30 of each year. The January 30 report shall include an annual summary of the Quarterly Operations Reports for the preceding year. The reports shall be submitted to the Mojave Desert Air Pollution Control District (District), the United States Environmental Protection Agency (EPA) and the California Energy Commission Compliance Project Manager (CPM).

The following Conditions of Certification apply to the two individual gas turbine generators (District Permit Numbers: B007953, B007954).

AQ-2 The turbines shall be exclusively fueled with pipeline quality natural gas with a sulfur content not exceeding 0.5 grains per 100 dscf on a rolling twelve month average basis. The turbines shall be operated and maintained in strict accord with the recommendations of its manufacturer and/or sound engineering principles.

Verification: The project owner shall incorporate into the Quarterly Operations Report either a monthly laboratory analysis showing the fuel sulfur content, a monthly fuel sulfur content report from the fuel supplier(s), or the results from a custom fuel monitoring schedule approved by USEPA for compliance with the fuel monitoring provisions of 40 CFR 60 Subpart GG.

AQ-3 The turbines are subject to the federal NSPS codified at 40 CFR Part 60, Subparts A (General Provisions) and GG (Standards of Performance for Stationary Gas Turbines). This equipment is also subject to the Prevention of Significant Deterioration (40 CFR 51.166) and Federal Acid Rain (Title IV) programs. Compliance with all applicable provisions of these regulations is required.

Verification: At least ninety (90) days prior to the first firing of fuel in either turbine, the project owner shall provide the District, the ARB and the CPM copies of the federal PSD and Acid Rain permits.

AQ-4 Emissions of NOX, CO, oxygen and ammonia slip shall be monitored using a Continuous Emissions Monitoring System (CEMS). Turbine fuel consumption shall be monitored using a continuous monitoring system. Stack gas flow rate shall be monitored using either a Continuous Emission Rate Monitoring System (CERMS) meeting the requirements of 40 CFR Part 75 Appendix A or a stack flow rate calculation method. The operator shall install, calibrate, maintain, and operate these monitoring systems according to a District-approved monitoring plan and MDAQMD Rule 218, and they shall be installed prior to initial equipment startup.

Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and CEC.

AQ-5 Emissions from either of the turbines (including its associated duct burner) shall not exceed the following emission limits at any firing rate, except for CO, NOX and VOC during periods of startup, shutdown and malfunction: 

a. Hourly rates, computed every 15 minutes, verified by CEMS and annual compliance tests:

i. NOX as NO2 — 19.80 lb/hr (based on 2.5 ppmvd corrected to15% O2 and averaged over one hour).

ii. CO — 35.20 lb/hr (based on 5.0 ppmvd (8.4 ppmvd with duct firing or when between 70 and 80 percent of full load), and during duct firing, corrected to 15% O2 and averaged over 3 hours).

iii. Ammonia Slip — 10 ppmvd (corrected to 15% O2 and averaged over three hours).

b. Hourly rates, verified by annual compliance tests or other compliance methods in the case of SOX:

i. VOC as CH4 — 2.9 lb/hr (based on 1 ppmvd corrected to15% O2).

ii. SOX as SO2 — 2.7 lb/hr (based on 0.5 grains/100 dscf fuel sulfur).

iii. PM10 — 11.5 6 lb/hr.

Verification: The project owner shall submit the following in each Quarterly Operations Report: All continuous emissions data reduced and reported in accordance with the District approved CEMS protocol; a list of maximum hourly, maximum daily, total quarterly, and total calendar year emissions of NOX, CO, PM10, VOC and SOX (including calculation protocol); a log of all excess emissions, including the information regarding malfunctions/breakdowns required by District Rule 430; operating parameters of emission control equipment, including but not limited to ammonia injection rate, NOX emission rate and ammonia slip; any maintenance to any air pollutant control system (recorded on an as-performed basis); and any permanent changes made in the plant process or production that could affect air pollutant emissions, and when the changes were made.

AQ-6 Emissions from the turbines, including the duct burners, shall not exceed the following emission limits, based on a calendar day summary: 

a. NOX — 5762  lb/day, verified by CEMS.

b. CO — 3808 lb/day, verified by CEMS.

c. VOC as CH4 — 239 lb/day, verified by compliance tests and hours of operation in mode.

d. SOX as SO2 — 130 lb/day, verified by fuel sulfur content and fuel use data.

e. PM10 — 565 288 lb/day, verified by compliance tests and hours of operation.

Verification: The project owner shall submit the following in each Quarterly Operations Report: All continuous emissions data reduced and reported in accordance with the District approved CEMS protocol; a list of maximum hourly, maximum daily, total quarterly, and total calendar year emissions of NOX, CO, PM10, VOC and SOX (including calculation protocol); a log of all excess emissions, including the information regarding malfunctions/breakdowns required by District Rule 430; operating parameters of emission control equipment, including but not limited to ammonia injection rate, NOX emission rate and ammonia slip; any maintenance to any air pollutant control system (recorded on an as performed basis); and any permanent changes made in the plant process or production that could affect air pollutant emissions, and when the changes were made.

AQ-7 Emissions from this facility, including the Cooling Towers, shall not exceed the following emission limits, based on a rolling 12 month summary:

a. NOX — 202 192 tons/year, verified by CEMS.

b. CO — 306  291 tons/year, verified by CEMS.

c. VOC as CH4 — 24 tons/year, verified by compliance tests and hours of operation in mode.

d. SOX as SO2 — 24 tons/year, verified by fuel sulfur content and fuel use data.

e. PM10 — 103 56 tons/year, verified by compliance tests and hours of operation.

Verification: The project owner shall submit the following in each Quarterly Operations Report: All continuous emissions data reduced and reported in accordance with the District approved CEMS protocol; a list of maximum hourly, maximum daily, total quarterly, and total calendar year emissions of NOX, CO, PM10, VOC and SOX (including calculation protocol); a log of all excess emissions, including the information regarding malfunctions/breakdowns required by District Rule 430; operating parameters of emission control equipment, including but not limited to ammonia injection rate, NOX emission rate and ammonia slip; any maintenance to any air pollutant control system (recorded on an as-performed basis); and any permanent changes made in the plant process or production that could affect air pollutant emissions, and when the changes were made.

AQ-8 Emissions of CO and NOX from the turbines shall only exceed the limits contained in AQ-5 during startup and shutdown periods as follows: 

a. Startup is defined as the period beginning with ignition and lasting until the equipment has reached operating permit limits. Cold startup is defined as a startup when the CTG has not been in operation during the preceding 48 hours. Hot startup is defined as a startup when the CTG has been in operation during the preceding 8 hours. Warm startup is defined as a startup that is not a hot or cold startup. Shutdown is defined as the period beginning with the lowering of equipment from base load and lasting until fuel flow is completely off and combustion has ceased.

b. Transient conditions shall not exceed the following durations:

i. Cold startup — 3.7 hours

ii. Warm startup — 2.0 hours

iii. Hot startup — 1.2 hours

iv. Shutdown — 0.5 hour

c. During a cold startup emissions shall not exceed the following, verified by CEMS:

i. NOX — 376 lb.

ii. CO — 403 lb. 

d. During a warm startup emissions shall not exceed the following, verified by CEMS:

i. NOX — 278 lb.

ii. CO — 253 lb.

e. During a hot startup emissions shall not exceed the following, verified by CEMS:

i. NOX — 260 lb.

ii. CO — 172 lb.

f. During a shutdown emissions shall not exceed the following, verified by CEMS:

i. NOX — 170 lb.

ii. CO — 48 lb.

Verification: The project owner shall include a detailed record of each startup and shutdown event in the Quarterly Operations Report. Each record shall include, but not be limited to, duration, fuel consumption, total emissions of NOX and CO, and the date and time of the beginning and end of each startup and shutdown event. Additionally, the project owner shall report the total plant operation time (hours), number of startups, hours in cold startup, hours in warm startup, hours in hot startup, hours in shutdown, and average plant operation schedule (hours per day, days per week, weeks per year).

AQ-9 Particulate emissions from this equipment shall not exceed an opacity equal to or greater than twenty percent (20%) for a period aggregating more than three (3) minutes in any one (1) hour, excluding uncombined water vapor.

Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and CEC.

AQ-10 The turbines shall exhaust through a stack at a minimum height of 130 feet.

Verification: Prior to the first firing of natural gas in either turbine the owner/operator shall provide as built drawings of the stack or other suitable proof of the minimum stack height to the District and the CEC CPM.

AQ-11 The project owner shall not operate the turbines after the initial commissioning period without the selective catalytic NOX reduction system with valid District permit, installed and fully functional.

Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and the CEC.

AQ-12 The project owner shall provide stack sampling ports and platforms necessary to perform source tests required to verify compliance with District rules, regulations and permit conditions. The location of these ports and platforms shall be subject to District approval.

Verification: Prior to the first firing of natural gas in either turbine the owner/operator shall provide to the District and the CEC CPM as built drawings of the stack or other suitable documentation of the correct and complete installation of all necessary sampling ports and access platforms.

AQ-13 The project owner shall conduct all required compliance/certification tests in accordance with a District-approved test plan.

Verification: Thirty (30) days prior to the compliance/certification tests the operator shall provide a written test plan for District review and approval. Written notice of the compliance/certification test shall be provided to the District ten (10) days prior to the tests so that an observer may be present. A written report with the results of such compliance/certification tests shall be submitted to the District within forty-five (45) days after testing.

AQ-14 The project owner shall perform the following annual compliance tests in accordance with the MDAQMD Compliance Test Procedural Manual: 

a. NOX as NO2 in ppmvd at 15 percent O2 and lb/hr (measured per USEPA Reference Methods 19 and 20).

b. VOC as CH4 in ppmvd at 15 percent O2 and lb/hr (measured per USEPA Reference Methods 25A and 18).

c. SOX as SO2 in ppmvd at 15 percent O2 and lb/hr.

d. CO in ppmvd at 15 percent O2 and lb/hr (measured per USEPA Reference Method 10).

e. PM10 in mg/m3 at 15 percent O2 and lb/hr (measured per USEPA Reference Methods 5 and 202 or CARB Method 5).

f. Flue gas flow rate in scfmd.

g. Opacity (measured per USEPA reference Method 9).

h. Ammonia slip in ppmvd at 15 percent O2.

Verification: The annual source test report shall be submitted to the District and CPM no later than six (6) weeks prior to the expiration date of the District permit.

AQ-15 The project owner shall, at least as often as once every five years (commencing with the initial compliance test), include the following supplemental source tests in the annual compliance testing:

a. Characterization of cold startup VOC emissions;

b. Characterization of warm startup VOC emissions;

c. Characterization of hot startup VOC emissions; and Characterization of shutdown VOC emissions.

Verification: Each annual source test report shall either include the results of these tests for the current year or document the date and results of the last such tests.

AQ-16 Continuous monitoring systems shall meet the following acceptability testing requirements from 40 CFR 60 Appendix B:

a. For NOX, Performance Specification 2.

b. For O2, Performance Specification 3.

c. For CO, Performance Specification 4.

d. For stack gas flow rate, Performance Specification 6 (if CERMS is installed.)

e. For ammonia, a District approved procedure that is to be submitted by the project owner.

Verification: The project owner shall discuss compliance with these specifications in each Quarterly Operations Report.

AQ-17 The project owner must surrender to the District sufficient valid Emission Reduction Credits for the turbines before the start of construction of any part of the project for which this equipment is intended to be used. In accordance with Regulation XIII the operator shall obtain 202 191 tons of NOX, 48 tons of VOC, 48 tons of SOX, and 103 56 tons of PM10 offsets (VOC ERCs from SCAQMD may be substituted for NOx ERCs at a rate of 1.6:1).
Verification: The project owner must submit all ERC documentation to the District and the CPM prior to the start of construction.

AQ-18 The project owner shall provide sufficient space and appurtenances within the Heat Recovery Steam Generator to allow the subsequent installation of a high temperature oxidation catalyst. A high temperature oxidation catalyst shall be installed if any VOC or CO limit specified by the above conditions is violated. 

Verification: If any VOC or CO limit specified by the above conditions is violated, within six (6) weeks the project owner shall submit a plan to install an oxidation catalyst. The catalyst shall be installed and operational within six (6) months of the violation.

The following Conditions of Certification apply to the two (2) individual natural gas duct burners (District Permit Numbers: B007954, B007955). 

AQ-19 The duct burners shall be exclusively fueled with natural gas and shall be operated and maintained in strict accord with the recommendations of its manufacturer or supplier and/or sound engineering principles.

Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and the CEC.

AQ-20 The duct burners shall not be operated unless the combustion turbine generator with valid District permit B007953 (or B007954), selective catalytic NOX reduction system with valid District permit C007959 (or C007960), and oxidation catalyst (if installed) are in operation.

Verification: A summary of fuel use and equipment operation for each duct burner shall be included in each Quarterly Operations Report.

AQ-21 Fuel use by this equipment shall be recorded and maintained on site for a minimum of five (5) years and shall be provided to District personnel on request.

Verification: The above information shall be recorded and maintained on site for a minimum of five (5) years and shall be provided to District or CEC personnel on request.

The following Conditions of Certification apply to the two individual selective catalytic NOX reduction systems (District Permit Numbers: C007959, C007960.) 
AQ-22 This equipment shall be operated and maintained in strict accord with the recommendations of its manufacturer or supplier and/or sound engineering principles.

Verification: A summary of significant operation and maintenance events for each selective catalytic reduction system shall be included in the Quarterly Operations Reports.

AQ-23 This equipment shall be operated concurrently with the combustion turbine generator with valid MDAQMD permit B007953 (or B007954).
Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and CEC.

AQ-24 Ammonia shall be injected whenever the selective catalytic reduction system has reached or exceeded 550º Fahrenheit. Except during periods of startup and shutdown, ammonia slip shall not exceed 10 ppmvd (corrected to 15 percent O2), averaged over three hours.

Verification: The project owner shall maintain a log of the SCR temperatures and the commencement of ammonia injection times. This information shall be recorded and maintained on site for a minimum of five (5) years and shall be provided to District and CEC personnel on request.

AQ-25 Ammonia injection by this equipment in pounds per hour shall be recorded and maintained on site for a minimum of five (5) years and shall be provided to District personnel on request.

Verification: The above information shall be recorded and maintained on site for a minimum of five (5) years and shall be provided to District and CEC personnel on request.

The following Conditions of Certification apply to the two individual Cooling Towers (District Permit Numbers: B007957, B007958.)
AQ-26 The Cooling Towers shall be operated and maintained in strict accord with the recommendations of their manufacturer or supplier and/or sound engineering principles.

Verification: A summary of significant operation and maintenance events for each Cooling Tower shall be included in the Quarterly Operations Reports.

AQ-27 The operator shall conduct all required Cooling Tower water quality tests in accordance with a District-approved test and emissions calculation protocol. Thirty (30) days prior to the first such test the operator shall provide a written test and emissions calculation protocol for District review and approval. 

Verification: Thirty (30) days prior to the first such test the operator shall provide a written test and emissions calculation protocol for District and CPM review.

AQ-28 The drift rate shall not exceed 0.0006 percent with a maximum circulation rate of 146,000 gallons per minute (gpm) for the Cooling Tower. and 22,000 23,040 gpm for the Evaporative Condenser. The maximum hourly PM10 emission rate shall not exceed 0.546 0.67 pounds per hour from the Cooling Tower and Evaporative Condenser, as calculated per the written District approved protocol. 

Verification: Compliance documentation in accordance with the written District approved protocol shall be submitted to the District and the CPM. 

AQ-29 The operator shall perform weekly tests of the blow-down water quality. The operator shall maintain a log that contains the date and result of each blowdown water quality test, and the resulting mass emission rate. This log shall be maintained on site for a minimum of five (5) years and shall be provided to District personnel on request.

Verification: A summary of the results of the weekly blow-down water quality tests and the results of the mass emission rate calculations shall be submitted in the Quarterly Operations Report.

AQ-30 A maintenance procedure shall be established that states how often and what procedures will be used to ensure the integrity of the drift eliminators. This procedure shall be submitted to the District for approval at least thirty (30) days prior to construction and shall be kept on-site and available to District personnel on request.

Verification: The project owner shall make the site available for inspection by representatives of the District, ARB, EPA and CEC. The following Conditions of Certification apply to the emergency diesel IC engine (District Permit Number: E007961)

AQ-31 Emergency diesel IC fire pump shall be installed, operated, and maintained in strict accord with those recommendations of the manufacturer/supplier and/or sound engineering principles which produce the minimum emissions of contaminants.

Verification: A summary of significant operation and maintenance events for the emergency diesel IC engine shall be included in the Quarterly Operations Reports.

AQ-32 The project owner shall maintain a log for this unit, which, at a minimum, contains the information specified below. This log shall be kept current and onsite for a minimum of five (5) years and shall be provided to District personnel on request. At a minimum, the log shall include:

a. Date of each use or test;

b. Duration of each test, in minutes;

c. Fuel consumed during each calendar year, in gallons; and

d. Fuel sulfur concentration (the project owner may use the supplier s certification of sulfur content if it is maintained as part of this log).

Verification: The above information shall be maintained on-site for a minimum of five (5) years and shall be provided to District and/or CEC personnel on request.

AQ-33 This unit shall be limited to use for emergency fire fighting, and as part of a testing program that does not exceed 60 minutes of testing operation per week.

Verification: The above information shall be maintained on-site for a minimum of five (5) years and shall be provided to District and/or CEC personnel on request.

AQ-34 The project owner shall use only diesel fuel whose sulfur concentration is less than or equal to 0.05 percent on a weight per weight basis in this unit. 

Verification: The above information shall be maintained on-site for a minimum of five (5) years and shall be provided to District and/or CEC personnel on request.
7.7.10
Applicable Requirements 
7.7.10.1
LORS 

In addition to the CEC, agencies having air quality permitting authority for this project are shown in Table 7.7-41.  The schedule of required permits is presented in Table 7.7-42. Applicable LORS and compliance with these requirements are discussed in more detail in the following sections. An application for Authority to Construct has been filed with the MDAQMD. Copies of the completed MDAQMD forms are included in Appendix 7.7-O.

	TABLE 7.7-41

Air Quality Agencies 

	Agency
	Authority
	Contact

	USEPA Region IX
	Oversight of permit issuance

Enforcement
	Gerardo Rios, Permits Office  USEPA Region IX  75 Hawthorne Street  

San Francisco, CA 94105  

(415) 744-1259

	Mojave Desert Air Quality Management District (MDAQMD)
	Permit issuance

Enforcement
	Charles Fryxell, Air Pollution Control Officer

MDAQMD

14306 Park Avenue

Victorville, CA  92392

(760) 245-1661


	TABLE 7.7-42

Schedule of Required Air Permits

	Required Permit
	Approving Agency
	Planned Application Date
	Planned Approval Date

	Determination of Compliance
	MDAQMD
	February 2002
	June 1, 2002

	PSD
	EPA Region IX
	February 2002
	July 1, 2002

	Title IV - Acid Rain
	MDAQMD
	December 2002
	January 15, 2003

	Title V – Operating Permit
	MDAQMD
	December 2004
	June 30, 2004


7.7.10.1.1  Federal 

Prevention of Significant Deterioration Program 

Authority:  Clean Air Act §160_169A, 42 USC §7470_7491; 40 CFR Parts 51 and 52

Administering Agency:  USEPA Region IX.

Requirements:  Requires PSD review and facility permitting for construction of new or modified major stationary sources of air pollution. PSD review applies to attainment pollutants for which ambient concentrations are lower than the corresponding NAAQS. The following federal requirements apply on a pollutant-by-pollutant basis, depending on facility emission rates.

· Emissions must be controlled using BACT.

· Air quality impacts in combination with other increment-consuming sources must not exceed maximum allowable incremental increases for SO2, PM10, and NO2.

· Air quality impacts of all sources in the area plus ambient pollutant background levels cannot exceed NAAQS.

· Pre and/or post-construction air quality monitoring may be required.

· The air quality impacts on soils, vegetation, and nearby PSD Class I areas (specific national parks and wilderness areas) must be evaluated.

Acid Rain Program (Title IV)

Authority:  Clean Air Act §401 (Title IV), 42 USC §7651

Administering Agency:  MDAQMD, with USEPA Region IX oversight.

Requirement: Requires the reduction of the adverse effects of acid deposition through reductions in emissions of sulfur dioxide and nitrogen oxides. MDAQMD has received delegation authority to implement Title IV.

Title V Operating Permits Program 

Authority:  Clean Air Act §501 (Title V), 42 USC §7661

Administering Agency:  MDAQMD, with USEPA Region IX oversight.

Requirements: Establishes comprehensive operating permit program for major stationary sources.  MDAQMD has received delegation authority for this program.

National Standards of Performance for New Stationary Sources 

Authority:  Clean Air Act §111, 42 USC §7411; 40 CFR Part 60

Administering Agency:  MDAQMD, with USEPA Region IX oversight.

Requirements: Establishes national standards of performance for new stationary sources. These standards are enforced at the local level with USEPA oversight. Relevant new stationary source performance standards are discussed under local LORS below.

7.7.10.1.2  State

Nuisance Regulation

Authority:  CA Health & Safety Code §41700

Administering Agency:  CARB and MDAQMD

Requirements: Provides that "no person shall discharge from any source whatsoever such quantities of air contaminants or other material which causes injury, detriment, nuisance, or annoyance to any considerable number of persons or to the public or which endanger the comfort, repose, health, or safety of any such persons or the public, or which cause, or have a natural tendency to cause injury or damage to business or property."

Toxic "Hot Spots" Act 

Authority:  H& SC §44300_44384; 17 CCR §93300_93347

Administering Agency:  MDAQMD and CARB

Requirements: Requires preparation and biennial updating of inventory of facility emissions of hazardous substances listed by CARB, in accordance with CARB's regulatory guidelines. Risk assessments are to be prepared by facilities required to submit emissions inventories according to local priorities.

CEC and CARB Memorandum of Understanding 

Authority:  CA Pub. Res. Code §25523(a); 20 CCR §1752, 1752.5, 2300_2309 and Div. 2, Chap. 5, Art. 1, Appendix B, Part (k)

Administering Agency:  CEC

Requirements: Provides for the inclusion of requirements in the CEC's decision on an application for certification to assure protection of environmental quality; application is required to include information concerning air quality protection.

7.7.10.1.3  District Requirements 

The following MDAQMD Rules and Regulations will be applicable to BEP II.  The required MDAQMD application forms for each piece of equipment requiring an Authority to Construct are included in Appendix 7.7-O.  Checks for the application fees have been provided to the MDAQMD under separate cover.

Regulation II – Permits

Rule 201 – Permit to Construct.  Requires District permit prior to construction of new equipment to be located in District that may cause the issuance of air contaminants. 

Rule 203 – Permit to Operate.  Requires District permit prior to construction of new equipment to be located in District that may cause the issuance of air contaminants.

Rule 221 – Federal Operating Permit Requirement.  Requires certain facilities to obtain Federal Operating Permits.  The proposed project will be required to submit an application for a federal operating permit within twelve months of the commencement of operations.

Regulation IV - Prohibitions

Rule 401 – Visible Emissions.  Limits visible emissions opacity to less than 20 percent (or Ringlemann No. 1).  During start up, visible emissions may exceed 20 percent opacity.  However, emissions of this opacity will not last longer than three minutes.  In normal operating mode, visible emissions will not exceed 20 percent opacity.

Rule 402 – Nuisance. Prohibits facility emissions that cause a public nuisance.  The proposed turbine power train exhaust is not expected to generate a public nuisance due to the sole use of pipeline-quality natural gas as a fuel.

Rule 403 – Fugitive Dust.  Specifies requirements for controlling fugitive dust.  The proposed project does not include any significant sources of fugitive dust.

Rule 403.2 – Fugitive Dust Control for the Mojave Desert Planning Area.  Specifies requirements for construction projects.

Rule 404 – Particulate Matter – Concentration.  Specifies standards of emissions for particulate matter concentrations.  The sole use of pipeline-quality natural gas as a fuel will ensure compliance with Rule 404.

Rule 405 – Solid Particulate Matter - Weight.  Limits particulate matter emissions from fuel combustion on a mass per unit combusted basis.  The sole use of pipeline-quality natural gas as a fuel will ensure compliance with Rule 405.

Rule 406 – Specific Contaminants.  Limits sulfur dioxide emissions.  The sole use of pipeline-quality natural gas as a fuel will ensure compliance with Rule 406.

Rule 407 – Liquid and Gaseous Air Contaminants.  Limits CO emissions to 2,000 parts per million over a 15 minute averaging time period.

Rule 408 – Circumvention.  Prohibits hidden or secondary rule violations.

Rule 409 – Combustion Contaminants.  Limits total particulate emissions on a density basis.  The sole use of pipeline-quality natural gas a fuel will ensure compliance with Rule 409.

Rule 430 – Breakdown Provisions.  Requires the reporting of breakdowns and excess emissions.

Rule 431 – Sulfur Content in Fuels.  Limits sulfur content in gaseous, liquid and solid fuels.  The sole use of pipeline-quality natural gas a fuel will ensure compliance with Rule 431.

Rule 475 – Electric Power Generating Equipment.  Limits NOX and particulate matter emissions with mass rate and concentration standards.

Rule 476 – Steam Generating Equipment.  Limits emissions of oxides of Nitrogen and Particulate Matter from non-Mobile, Steam Generating Equipment.

Regulation IX – Standards of Performance for New Stationary Sources

Regulation IX includes by reference the NSPS for gas turbines (40 CFR60 Subpart GG) and natural gas fired boilers (40 CFR60 Subpart Da or Dc)

Rule 900 – Standards of Performance for New Stationary Sources.  Establishes requirements for general definitions, monitoring, records and administrative requirements applicable to the NSPS.

Regulation XII – Federal Operating Permits

Regulation XII contains requirements for sources which must have a federal operating permit and an acid rain permit.  The proposed project will submit applications for a federal operating permit and an acid rain permit by the appropriate dates.

Rule 1200 – General Title V.  Establishes administrative requirements for obtaining a federal operating permit.

Regulation XIII – New Source Review

Rule 1300 – General.  Ensures that PSD requirements apply to all appropriate projects.  The proposed project has submitted an application to the USEPA for an NO2, VOC, PM10, and CO PSD permit, complying with Rule 1300.

Rule 1302 – Procedure.  Requires certification of compliance with the Federal Clean Air Act, applicable implementation plans, and all applicable MDAQMD rules and regulations.

Rule 1303 – Requirements.  Requires BACT and offsets for selected large new sources.

Rule 1304 – Emission Calculations.  Provides methods to calculate emission changes from a new or modified stationary source.

Rule 1305 – Provides the procedures and formulates for quantifying and determining the eligibility of Emission Reduction Credits (ERCs).

Rule 1306 – Electric Energy Generating Facilities.  Places additional administrative requirements on projects involving approval by the CEC.

Rule 1404 – ERC Calculations.  Provides methods to calculate ERCs 

Maximum Achievable Control Technology Standards

Health & Safety Code §39658(b)(1) states that when USEPA adopts a standard for a toxic air contaminant pursuant to §112 of the Federal Clean Air Act (42 USC §7412), such standard becomes the Airborne Toxic Control Measure (ATCM) for the toxic air contaminant.  Once an ATCM has been adopted it becomes enforceable by the MDAQMD 120 days after adoption or implementation (Health & Safety Code §39666(d)).  To date, USEPA has not adopted a Maximum Achievable Control Technology (MACT) standard that is applicable to the proposed project.  Should USEPA adopt an applicable MACT in the future, the MDAQMD will be required to enforce said MACT as an ATCM on the proposed project.

7.7.10.1.4  Conformance of Facility 

As addressed in this section, BEP II is designed, and will be constructed and operated, in accordance with all relevant federal, state, and local requirements and policies concerning protection of air quality.

Table 7.7-43 provides the list of regulations that were discussed above, the applicability of The Blythe Energy Project to the regulations, and references sections of this document provide additional information on applicability and conformity to these regulations. 

	TABLE 7.7-43

Air Quality Summary of LORS

	LORS
	Applicability
	Regulating Agency
	Permit or Approval
	Section Discussed

(page)
	BEP II Compliance

	Federal

	Clean Air Act  (CAA), 42 USC, Sections 7470 through 7491 (Title 40, CFR, Parts 51 and 52)
	Requires Prevention of Significant Deterioration (PSD) review and facility permitting for construction of new or modified major stationary sources of air pollution.  PSD review applies to pollutants for which ambient concentrations are lower than National Ambient Air Quality Standards (NAAQS).
	EPA
	PSD
	Section 7.7 (1)

Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	AQ-3

	CAA, Sections 171 through 193, 42 USC, Section 7501
	Requires New Source Review (NSR) facility permitting for construction or modification of specified stationary sources.  NSR applies to pollutants for which ambient concentrations levels are higher than NAAQS.
	MDAQMD
	ATC
	Section 7.7 (1)

Section 7.7.9 (51-63)
	AQ-3

	CAA, Section 401 (Title IV), 42 USC, Section 7651
	Requires reductions in NOX and SO2 emissions.
	EPA, MDAQMD
	PSD, ATC, Title IV,

Title V
	Section 7.7.1 (2)

Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	AQ-5,6,7,8

	CAA, Section 501 (Title V), 42 USC, Section 7661
	Establishes comprehensive permit program for major stationary sources.
	EPA

MDAQMD
	PSD, ATC, Title IV,

Title V
	Section 7.7.1 (2)

Section 7.7.4 (4-17)
	AQ-3

	CAA, Section 111, 42 USC, Section 7411 (Title 40, CFR, Part 60)
	Establishes national standards for performance for new stationary sources.
	EPA

MDAQMD
	PSD

ATC
	Section 7.7.1 (2)

Section 7.7.4 (4-17)
	AQ-5,6,7,8

	CAA, Section 112, 42 USC, Section 7412
	Establishes national emission standards for hazardous air pollutants.
	EPA

MDAQMD
	PSD

ATC
	Section 7.7.4 (4-17)
	-----

	State

	Calif. Health and Safety Code, Section 41700
	Outlaws discharges of such quantities of air contaminants that cause injury, detriments, nuisance, or annoyance.
	MDAQMD
	ATC
	Section 7.7.4 (4-17)
	AQC-1,2,5,6,7,8,9

AQ-4,5,6,7,8,9,11,

21,24,26,28,31,33

	Calif. Health and Safety Code, Sections 44300 through 44384 and Cal. Code Regs. Sections 93300 through 93347
	Requires preparation and biennial updating of facility emission inventory of hazardous substances and requires risk assessments.
	MDAQMD
	ATC
	Section 7.7.4 (4-17)
	----

	Calif. Pub. Res. Code, Section 25523(A) and Title 20, Cal. Code Regs., Sections 1752 and 2300 through 2309
	Requires that California Energy Commission (CEC) decisions on Application For Certification (AFC) includes requirements to assure protection of environmental quality.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-3

	Calif. Health and Safety Code Section 39606
	Requires State to establish ambient air quality standards for air basins.
	MDAQMD
	ATC
	Section 7.7.8 (41-51)
	AQC-10

AQ-5,6,7,8

	Local

	Rule 201 and 203 –Permits to Construct and Operate
	Requires District permit prior to construction or operation of a new equipment to be located in District that may influence air quality.
	MDAQMD
	ATC
	Section 7.7.8 (41-51)
	AQ-3

	Rule 221 - Federal Operating Permit Requirement
	Requires a federal operating permit for all major sources within twelve months of the commencement of operations.
	EPA

MDAQMD
	PSD
	Section 7.7.8 (41-51)
	AQ-3

	Rule 401 - Visible Emissions
	Limits opacity of exhaust plume to less than 20 percent except during startup.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-9

	Rule 402 - Nuisance
	Prohibits discharging emissions that cause a public nuisance.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQC-1,2,5,6

AQ-3,5,6,7,8,9,20,

24,26,31

	Rule 403 - Fugitive Emissions
	Specifies requirements for controlling fugitive dust. 
	MDAQMD
	ATC
	Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	AQC-1,2

	Rule 403.2 - Fugitive Dust Control for the Mojave Desert Planning Area
	Specifies requirements for controlling fugitive dust from construction activities.
	MDAQMD
	ATC
	Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	AQC-2

	Rule 404 - Particulate Matter – Concentration
	Specifies standards of emissions for exhaust concentrations of particulate matter. 
	MDAQMD
	ATC
	Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	AQ-3,9,28

	Rule 405 - Solid Particulate Matter - Weight
	Limits particulate matter emissions from fuel combustion on a mass per unit processed (fuel combusted) basis.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-5,6,7,8,28,33

	Rule 406 - Specific Contaminants
	Limits sulfur compound emission concentrations.
	EPA

MDAQMD
	Title IV
	Section 7.7.9 (51-63)
	AQ-2,3,5,6,7,19,34

	Rule 407 – Liquid and gaseous air contaminants
	Limits CO emissions to 2,000 parts per million over a 15 minute averaging
	MDAQMD
	ATC
	Section 7.7.4 (4-17)

Section 7.7.9 (51-63)
	----

	Rule 408 B  - Circumvention
	Prohibits hidden or secondary rule violations.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	----

	Rule 409 B  - Combustion Contaminants
	Limits total particulate emissions on a density basis.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-9

	Rule 430 B  - Breakdown Provisions
	Requires the reporting of breakdowns and excess emissions.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-1,13,14,15

	Rule 431 B  - Sulfur Content in Fuels
	Limits sulfur content in fuels.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-2,19,34

	Rule 475 B  - Electric Power Generating Equipment
	Limits NOX and particulate matter emissions with mass rate and concentration standards.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-5,6,7,8,28,33

	Rule 476 - Steam Generating Equipment
	Limits emissions of oxides of Nitrogen and Particulate Matter from non-Mobile, Steam Generating Equipment.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	----

	Rule 900 -  Standards of Performance for New Stationary Sources (NSPS)
	Establishes requirements for general definitions, monitoring, records and administrative requirements applicable to the NSPS.
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-1,13,14,15

	Rule 1158 – Electric Utility Operations
	Establishes NOX emission standards and other requirements for electric utility operations.
	MDAQMD
	ATC
	Section 7.7.4 (4-17)
	AQ-5,6,7,8

	Rule 1200 – General Title V
	Establishes administrative requirements for obtaining a federal operating permit.
	EPA
	Title IV
	Section 7.7.10 (63-73)
	AQ-3

	Regulation IX - Standards Of Performance For New Stationary Sources
	Adopts by reference the New Source Performance Standard (NSPS) for gas turbines (40CFR60 subpart GG) and natural gas fired boilers (40CFR60 subpart DC).
	MDAQMD
	ATC
	Section 7.7.9 (51-63)
	AQ-2,3,5,6,7,8,19

	Regulation XII B Federal Operating Permits
	Implements the operating permit requirements of Title V of the Federal CAA.  Contains requirements for sources which must have a federal operating permit and an acid rain permit.
	EPA
	Title IV
	Section 7.7.10 (63-73)
	AQ-3

	Rule 1300 B  - General
	Sets forth requirements of preconstruction review. Ensures that Prevention of Significant Deterioration (PSD) requirements and New Source Review (NSR) requirements apply to each facility as appropriate.
	EPA

MDAQMD
	PSD

ATC
	Section 7.7.9 (51-63)
	AQ-3

	Rule 1302 B  - Procedure
	Requires certification of compliance with the Federal Clean Air Act, applicable implementation plans, and all applicable MDAQMD rules and regulations.
	EPA

MDAQMD
	PSD

ATC
	Section 7.7.10 (63-73)
	AQ-3

	Rule 1303 B  - Requirements
	Requires BACT and offsets for new sources with pollutant emissions based on potential to emit above specified trigger levels.
	MDAQMD
	ATC
	Section 7.7.5 (17-36)

Section 7.7.9 (51-63)
	AQ-3

	Rule 1304 – Emissions Calculations
	Provides methods to calculate emission changes from a new or modified stationary source.
	MDAQMD
	ATC
	Section 7.7.6 (36-39)
	AQ-3

	Rule 1305 – Emission Offsets
	Provides the procedures and formulates for quantifying and determining the eligibility of Emission Reduction Credits (ERC)
	MDAQMD
	ATC
	Section 7.7.6 (36-39)

Section 7.7.9 (51-63)
	AQ-17

	Rule 1306 B  - Electric Energy Generating Facilities 
	Places additional administrative requirements on projects needing approval by the California Energy Commission (CEC).
	MDAQMD
	ATC
	Section 7.7.10 (63-73)
	AQ-3

	Rule 1404 et seq. - ERC Calculations
	Provides methods to calculate the ERC available
	MDAQMD
	ATC
	Section 7.7.4 (4-17)
	AQ-17

	Local - Riverside County General Plan

	None Applicable
	N/A

	Local - City Of Blythe General Plan

	Air Quality Goal 1
	To promote and encourage the protection and wise utilization of the region’s air quality to assure long-term availability of clean and healthful air.
	MDAQMD
	Separate Local Permit Not Required
	
	The air quality section 7.7 analysis in the AFC satisfies this goal.

	Air Quality Policy 2
	The City shall require that all development proposals be reviewed for potential adverse effects on air quality and will require the mitigation of any potentially significant impacts.
	MDAQMD
	Separate Local Permit Not Required
	
	Section 7.7 air emissions controls and offset requirements satisfy this policy.

	Air Quality Policy 3
	The City shall encourage the development and implementation of programs which support the preservation of clean air through the installation of emission control devices in all processes or activities which have the potential to degrade air quality.
	MDAQMD
	Separate Local Permit Not Required
	
	Section 7.7 air emissions controls and offset requirements satisfy this policy.

	Air Quality Policy 7
	Establish baseline air quality data through the consultation and cooperation of the Mojave Desert Air Quality Management District as a means of quantifying current levels of contaminants and gauging the potential impacts of future development.
	MDAQMD
	Separate Local Permit Not Required
	
	Section 7.7 air emissions controls and offset requirements satisfy this policy.
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Figure 7.7-12
CO 8-Hour Air Quality Impacts 

Figure 7.7-13
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Figure 7.7-14
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Figure 7.7-15
SO2 3-Hour Air Quality Impacts 

Figure 7.7-16
SO2 24-Hour Air Quality Impacts 

Figure 7.7-17
SO2 Annual Air Quality Impacts 

� Commission Decision 99-AFC-8


� See Blythe Petition for Amendment I-B, dated November 23, 2001.


� RACT is "reasonably available control technology," a federal emission standard that applies to certain specific existing major sources in non�attainment areas.


� LAER is “lowest achievable emission reduction” a federal standard based on the most stringent control available.
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		Annual Costs

				Total Capital Cost (EPA 2001)																$4,753,816

				Operating Cost Factors for the Oxidation Catalyst

						Cost Data

						Interest Rate						10.00%				Capital Recovery Factor (CRF)

						Catalyst Life						3				0.4021

						Equipment Life						10				0.1627

				Direct Annual Cost, $/yr

						Power Loss Due to Pressure Drop Across Catalyst						0.14% per inch @ 3.0 inch wg of pressure drop @ power Value @ Hours of control operation @ avg combution turbine output (kw)				Vendor				$256,440

						Operating Labor						Avg. labor wage @ 0.5hr/12 hr shift, 2 shifts per day				Industry avg/estimate				$23,725

						Supervisory Labor						15% Operating Labor				(EPA, 1993a)				$3,559

						Maintenance Labor						Avg. labor wage @ 0.5hr/12 hr shift				Estimate				$23,725

						Maintenance Materials						100% Maintenance Labor				(EPA, 1993a)				$23,725

						Catayst Cleaning						80 man-hours per year @ Avg. labor wage				Estimate				$2,800

						Revenue Loss during Cat Replacement (a)						72 hours @ $0.035/kwh and 325,000 kw				Estimate		$767,520

						Catalyst Replacement Labor (b)						8 workers for 40 hours @ $35/hr every 3 yrs				Estimate		$20,800

						Catalyst Replacement (CR) ( c )						Catalyst replacement cost @ 3 years, incl. Disposal				Vendor Quote		$750,000

						Sales Tax (d)						0.00%				OR State Sales Tax		$0

						Sum of a, b, c, and d

						Capital Recovery						(a+b+c+d) x CRF				(EPA, 1995a)				$618,581

						Total Direct Annual Costs, $/Year														$952,555

				Indirect Annual Cost, $/Year

						Overhead						60% of sum of all labor costs + maintenance materials				(EPA, 1990a)				$44,840

						Insurance and Administration						3% of TCI				(EPA, 1990a)				$142,615

						Capital Recovery						CRF x (TCI - initial catalyst charge)				N/A				$651,420

						Property Tax						1% of TCI				Estimate				$47,538

						Total Indirect Annual Costs $/Year														$886,413

		Total Annual Costs, $/Year																		$1,838,968

		Total Net CO Reductions (tpy)																		85.2

		Cost Effectiveness, $/ton																		$21,584
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